
Exhibit RRM - 
Table 1 
Summary of Near Term Benefits and Costs 

Costs of MISO Membership 

RTO Administrative Costs - Sch. 10, 16 & 17 Charges 
Transmission Usage Costs - Congestion Costs 
Uplift Charges - GFA Option B & Narrow Constrained Area 
Internal LG&E I KU Administrative & General Costs 

Subtotal Costs of MISO Membership 

Costs of Withdrawal from MISO and TORC Operations 

Exit Fee 
Administrative & General Costs including Third Party Reliability Coordination Services 
Increase in Generation & Purchased Power Costs to Serve Control Area Load 
Lost Margin on Off-System Sales - Net of Incremental Generation and Transmission Costs 
Net Loss of Transm'n Revenues - MISO Revenue Distribution less TORC Transm'n Revenues 
Financial Transmission Rights 

Subtotal Costs of Withdrawal from MISO and TORC Operations 

Net Cost to LG&E I KU of Withdrawal from MISO and TORC Operations 
Cumulative Net Cost to  LG&E / KU of Withdrawal from MIS0 and TORC Operations 
Net Present Value Cost to  LG&E I KU of Withdrawal from MISO and TORC Operations 
Cumulative NPV Cost to LG&E I KU of Withdrawal from MISO and TORC Operations 

2005 2006 2007 2008 2009 2010 

$14,150,839 $14,150,839 $14,150,839 $14,150,839 $14,150,839 $14,150,839 
$35,204,526 $35,204,526 $35,204,526 $35,204,526 $35,204,526 $35,204,526 
$1,370,508 $1,370,508 $1,370,508 $1,370,508 $1,370,508 $1,370,508 
$2,620,000 $2:620,000 $2,620,000 $2,620,000 $2,620,000 $2,620,000 

$53,345,873 $53,345,873 $53,345,873 $53,345,873 $53,345,873 $53,345,873 

$40,239,034 
$1,840,000 
$3,969,155 

$27,296,216 
$6,092,180 

$58,039,359 
$137,475,944 

$84,130,071 
$84,130,071 

$84,130,071 
$84,130,071 

$1,840,000 
$3,969,155 

$27,296,216 
$6,092,180 

$58,039,359 
$97,236,910 

$43,891,037 
$128,021,109 
$41,019,661 

$1 25,149,732 

$1,840,000 
$3,969,155 

$27,296,216 
$6,092,180 

$58,039,359 
$97,236,910 

$43,891,037 
$171,912,146 
$38,336,132 

$1 63,485,864 

$1,840,000 
$3,969,155 

$27,296,216 
$6,092,180 

$58,039,359 
$97,236,910 

$43,891,037 
$21 5,803,183 
$35,828,161 

$199,314,025 

$1,840,000 
$3,969, Z 55 

$27,296,216 
$6,092,180 

$58,039,359 
$97,236,910 

$43,891,037 
$259,694,221 
$33,484,262 

$232,798,287 

$1,840,000 
$3,969,155 

$27,296,216 
$6,092,180 

$58,039,359 
$97,236,910 

$43,891,037 
$303,585,258 
$31,293,703 

$264,091,990 



Leas: Revsnva Lez.: MISO 
from o f f s y l s m  0ib1'lb"1l." 01 
SalehNolof Schedule 1.7.6 6 

PwChisedPower Sr'hrdula I D  Transmkilm Transmkrlon NIICOS~~OSBN~ 
Month GmeRllon Cost% C.lhtl CO%* Charges Rsvanucs Control Area Load 
J*""W 164,156093 SO SO 19,598,101 S2.991.736 151,666,216 
Febmasy 151.490.169 SO SO St3.317.619 13.113.962 SIS.OS6.408 
Ma,* S64.753.669 527 SO S17.690.736 52.351.516 S44,709.563 
>.Wl 5881.396.566 St.614 SO 114.556215 11,242,052 145,601,906 

561,407,241 S559.996 SO 17,593.261 S1.693.369 $52,560.590 
Sl2.310266 S66.148 SO S15,024,01% 11,025,520 S56.326.841 M w  June 

JUl" 163,923,835 SO so s23.651.229 S1.615.310 SS6.591.197 
AugYSI 178.673.010 1456.950 SO St7.400.351 11.744.662 $59,964,711 
Seplember 171,837,703 60 SO 121.780.706 51,678,951 S46.376.0ll 
OClOb8, 561,22597 50 SO 124 870 670 12 306 076 136.943.750 . .  
November SS0.499.211 SO SO 114,659,141 S2:561.094 S43.259.006 

~. 
December 562.610.006 s33.712 SO SliC21.674 52,264,255 S49.157.761 
Told S607,382.876 $1,111,419 17,018,624 1191,670,211 $26.612.146 S695,237.271 

N O  LG6E I KU Control Ares Load under MISO EMT wdh I I f Y ~ I R L I Y a  FTR Nominstlonr - LG6E I KU in MISO 

Incmmsnlal Purchased Power InCRmlntnl 
Generation CLISII Generatien Costs CDSLI to Sow0 Purchased Power LEE I KU Control 
to Serve Conlnd 11)5upprmOff- Cnnlral Area Costs toSuppan AreaCongsrllOn Schedule 
Arsi Load system Sales Load onsystem sales costs COIIS 

555.164.896 SlS.103.667 5264 -5264 51 334.550 
S50.099.001 116.995.942 SO SO 11,716,038 
150,466,181 S16.546.5:5 110.525 .53,S16 1140.158 
150.090418 512.012624 161.746 -161.169 11.594 352 
554,059,615 Sll.9W.171 1647.622 -571.676 11,122,741 
80,165,037 116,625,145 1i41.690 -190.748 55,411,153 
167.724.516 S20.110.053 1665 .5665 11217,136 
I58.299.491 116,677,432 5558.121 -1166 185 18.640.429 
556,115,613 520.254484 SO SO 51262.882 
YR.106.984 120,820,561 50 SO 11,903,174 
S46.360.655 S17.200.650 SO SO S2.607.906 
152,593,249 S17.503.666 536,402 -16.174 S1.411.906 

S669.719,669 S204.414.646 St.417.211 4130.376 115,204,626 

10.16Bnd175ChedUI121 
Costs 

SO 
SO 
SO 
60 
so 
SO 
SO 
so 
SO 
so 
SO 
SO 

114.150.638 

A 6 G Costs 
Nwmw I \ I ~ ~ c n b d  Olf-SyrtamSaler 

Option 8 GFA ConlMlned With RTO Net af Tmnrmirrlon OWSyrlern 
Uplift Area Uplifl hlemberrhlp Charges Sabs Macgln' 

SO SO SO SO 116.719.195 11,575,592 
SO SO 60 SO S19.974.024 12,875,062 
SO SO SO so 121,645,376 55.100.510 
60 60 SO SO 115.937.736 U.826.101 
SO SO SO SO 113.195.016 11.372.534 
SO su SO SO 120,353,752 Y.416.354 
SO SO SO SO 128.602650 S9.093.292 
SO SO SO SO S22.666.11A S6.195.467 
SO SO SO SO 526.454.095 S6.199.811 
SO SO SO so 132.969.311 Sl2.l45.644 
SO SO SO 50 S21.146.295 $3.945.415 
SO SO SO SO 519,820,456 $2,425,574 
SO 1111.362 S1,039,116 S2.620.000 21S.464.074 61,479,606 

Less: Rsvsnus Imm 
Less: M I 5 0  
DI.trlbYtl0" O f  
Schedule I, 7. 6 8 Lesr:RR NelCorllo 
Tranrmlrrion Less: FTR Au~tlon Saws Control 
R*YB.Y.E Revenues RBv8nueS Area Load 

12,991,738 14,338,000 SS 147,786,312 
13,113,862 S3,164.300 SO S42.558.701 
12,153,516 Y.026.145 SO S19,456.693 

11.683.369 15,706,178 
12,025,520 112,507,143 SO S46.966.662 
11.615.310 116,184,844 SO S46,446.774 
11,144,862 S16.420.117 so S49.,37.179 
S1.616.961 51.5Y.363 SO 545,995.640 
S2.306.076 41.205.357 SO S16.160.793 

12,264,265 61,951.390 SO S45.100,329 

11.2#2.052 S9.355.170 so SO s37.239.693 544.056.099 

12.561.094 12,219,533 $0 ~42.222.469 

126,672,748 $ 8 6 , ~ 7 , i 4 7  si,ooo.noo ss~8,6ni,2nn 

Less: M I 3 0  
Dlrtributlon of 
Srhsdule 1, 7, 6 6 

~ .. 

Le?ir:FTR NetC0~110 
A 6 G Carts Lass: Revanve lrorn 

Nanow Assodaled ORSyrtem Salar 
lncmrnrnlal Purchased Power lnrremlntal 

Gensnh~n Costs GoneRhonCoLU CoIISto Sorve PwEhaSedPowor LGEf KU ConVol 
to Servo ConUol to Suppo" Off. CLInBDl Area Costs to Suppon Alol Congertlon Schedule 10. 16 and 17 Srhldull21 Opllon 8 GFA ConrUalned wllh RTO Not ofTran%mlrlion 01ISWlem Tlanrmlsslan Less: FTR AuNon Serve Control 

Month Arsa Load svstam Salar Load OffSYllem Sales cortr CCZSD C0.t. ueiin A m  UIii l l  MembBmhll) Charges Sales Margin' RWenusL Revenues R B V O ~ Y D ~  Area Load 
S55.464.696 
S50.099.OO7 
550.486.361 
s50.090,419 
554,059.616 
S60,365.O37 
167 724.515 
566.289.491 
156,145,613 
145.106.984 
S46.360.655 
s52.533249 

S666.779.869 

S15.103.861 
116,985,942 
116,548,545 
112,012,621 
s11.900.111 
116,626,146 
s20.710.053 
116,671,432 
S20.2511.46< 
S20.620.661 
117.200.650 
117503558 

1201,411,646 

5264 
SO 

116.525 
S61.746 

1647.822 
1141.590 

1665 
S558.12. 

50 
SO 
SO 

s35.402 
11,177,217 

-1264 
SO 

.S3.616 
-161.199 
-S11,616 
-190,745 

4665 
-1166.765 

SO 
SO 
SO 

-58.774 
4430,376 

s1.334.550 
11.716.039 

1440,158 
s1.584.352 
11,122,741 
15,113,153 
17,277,136 
8,640,429 
S4.262.962 
s1.303.174 
12,607,908 
I1 471 906 

SO SO 
SO SO 
SO 60 
50 SO 
SO SO 
SO SO 
SO SO 
$0 SO 
SO 10 
SO SO 
SO SO 
SO SO 

S14,150,619 SO 

SO SO SO 
SO SO SO 
SO SO SO 
SO 60 SO 
SO SO SO 
so SO SO 
SO SO SO 
SO SO SO 
SO SO 50 
SO SO SO 
SO SO SO 
SO SO SO 

S311.392 11639,116 S2.620.000 

116,779,195 S1.63f455 
118,974,024 S3.251.830 
S23.645.376 15,381,475 
S15.937.736 Y.160.246 
S13.195.036 11.465.262 
s20.953.752 11,944,337 
529.602.680 S10.722.600 
522.586.114 11 115.336 
S26.4Y.095 S6.620,569 
132,969,311 112,315,039 
$21,145,205 14,267,322 
119,920,458 S2.561.252 
265,464,674 66,722,745 

S2.991.136 
13,113,962 
12.353.516 
11.242.052 
S1.693.369 
12.025.520 
S1.675.310 
S1.144.852 
11,678,961 
12.306.078 
52,581,094 
S2264.265 

125,672,746 

$3.470.470 SO S48,661,812 
11,756,863 SO S43.964.116 
S1.560.416 SO 14~.904,620 
13.Y1.211 SO Yl.OS6C92 
56.325.152 SO S45.639.126 
S9.576.M7 so S49.819.966 

113,176,804 SO $51.OS6.914 
111,213,643 so 154,313.651 

-52201.168 60 S37.166.625 
1626,526 SO Y3.613,496 

S3472.862 SO 145,678,657 
S66,039,159 S2.000.000 1569,411,0611 

52.666.272 so ~ ~ 0 8 1 . 7 6 1  

Total G~nemhon Total Purchased 
COStT Power COILS 

170.586.765 SO 
167.094.949 SO 
168,036,926 8 .846  
162,163,212 Si9.957 
165,958,795 1570.l41 
$77,011,183 S50.941 
186.431.511 SO 
S62.976.924 1371,330 
S76.WJ.096 SO 
S66.929.651 SO 
585.061.505 SO 
S70.036.901 121.526 

1564.194.61S $1 ,0 l l ,BOO 

Total Generation Tool Purchrmd 
COStS Power co** 

170.566.765 SO 
87.094.948 SO 
S69.036.926 16.646 
162,161,242 119.957 
165,959,785 1510,141 
177,011,181 550841 
S56,434.571 SO 
S62,975.924 5311.539 
376.400.098 SO 
568,929,651 SO 
565.5~1.505 SO 
S70.036.907 127,628 

S664,194.516 11,016,660 
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Genmsfion Costs 
l D S l r v e  CO"lC01 
Area L w d  

S55.464.696 
s50.099.007 
150,488,381 
150.090,419 
151,059,818 
550,385,031 
557,121,518 
S66.299.491 
158.l45.613 
148,108,984 
S48.380.855 
152.533.249 

S559,719,669 

Incramanla1 
Generation COWS 
(0 suppon OH. 
SySlBm Salar 

115,101,687 
118,995,942 
116,548,515 
112,072,824 
11 1.9W.177 
S16.826.146 
S20.710.053 
116,877,432 
S20.254.484 
120.620.667 
S17.200.850 
117.503658 

1294.414.646 

Pvrchrrad Power lncrrmsnisl 
Costs lo Serve Pucchased Power 
Canlrol Area Costs 10 Suppon 
Lord  OHSynem Salas 

12M -3284 
so so 

110.525 43,578 
181 748 -161 789 . .  

1641.622 477.575 
1141.690 -180.745 

1865 4665 
1556.124 -1166,785 

SO so 
so so 
so SO 

136,402 48.774 
$1,477,237 4430,178 

LGEIKUEO~IIOI 
Area Congestion Schsduit 
Celt* C D I l  

$1.334.550 
11,718,019 

Y40.158 
St 5 M  152 
11.122:14; 
u.413.153 
17,271,138 
18840.429 
14282.982 
S1.303.174 
12.801.9ffi 
St 471.906 

135,204,625 

I 10.15 and 11 

so 
so 
so 
SO 
so 
so 
so 
SO 
so 
SO 
so 
$0 

114,169.839 

so 
SO 
so 
so 
SO 
so 
SO 
so 
10 
so 
SO 
so 
$0 

. .  
SO SO so 11s.779.195 11,637,455 12,991,756 
so so M 119,974,021 13.251.830 13,113,862 
so so 50 123,645,378 15,381,475 12,351,516 
so so so ~15,837,716 n.160.2a 51,242,052 
so so SO 113.195 038 I1 461.282 Sl 693 368 . .  
so 
so SO 

SO 520,953,752 14,944,337 12,025,520 
SO SO 128.802.650 110.722.6W 11.675.310 

so so SO 122,588,114 17,115,336 $1,744,882 
so so SO 128.4Y.095 18.620.569 S1.676.981 
SO so 10 132,869,111 112.375.039 12.308.018 
so SO 
SO 

M 121,148,295 $4.287.322 S2.581.094 
so SO 119.920.458 12.581.252 12264.265 

1311,392 11.019.118 11.620.090 266,464,074 56,721,746 125,572,746 

Len: FTR NslC011lo 
LOSS: FTR AYclion SeNB Control 
ReVBnYLI Revenues AreQLOad 

SI.OW.Sl3 SO 151,111,451) 
11.287.029 SO S44,43S.911 

3330,119 SO 143.164.919 
S1 .I 95.181 SO 145.~01.999 

SO 151.921.221 1642.056 
Y.059.665 SO 156.436.149 

11,980,322 so 150.577.374 
11212,236 SO 147,117,761 

1877,380 SO 111.976.056 
s1.955.929 SO 112,505,993 
11,103,930 SO S48,247.799 

S26.493.395 32.000,000 SSS9.047P12 

15,451,852 so 158.776.555 

Less: Mi50 
incremental PwcheDed Pawcr Incremental A 6 G C w l e  Less: Rev11n~. fmm Olrlriblio" Of 

Generalion Carl% Generation Colts Colts 111 6eN0 Purchased Power LGE I KU Control Nnmow Arroclelsd OffSyrLm Sales Schedule 1,l. 6 5  Less: FTR Net C o r l  I 0  
10 Sewl C o n l ~ o l  10 Suppon 0% Conulrl Are? COIL% 10 suppon Area Congertmn Schedule 19, 16 and 17 Srheduie 21 Option 0 GFA Consvainad with RTO Net 01 Tranrminrlan O n s y l s m  Tranrmbsirm b r r ;  m ~ u c t i o n  s=wa c a n ~ m l  
Asel Load rystom Sales Load OlfSysfem 5 r l E I  Casts C O I I  CeStS uplift Area Uplift Mtmbmship Chargel Sslcr Marpin' R O V ~ W ~ L  Re~enues Revenuer Area Lo rd  

155,464,848 515,101,887 1264 -5261 s1.334.550 I0 SO so so 10 1 1 6 . n 9 . 1 ~  11,537,455 S1C13.384 S1.000.913 
S50.099.007 S16.995.842 so so 11,118,039 so SO so 10 SO S19.974.024 13,251,630 S1.609.438 11,281,029 10 145,940,496 

so 50 so SO 14I.4DD.5LI3 
S50.090119 112,072,824 S81.146 461.759 11.594.352 so SO SO so SO $15,937,718 $4.160.248 11.476.452 11.195.764 SO 145,167,699 

160.385.037 116,628,145 S141.890 -190.745 15.413.153 so so so SO SO 120,853,152 54.944.337 11,488,213 $4.059.885 SO 155,993.356 
167 724,516 120,710,053 1665 . ~ 6 5  si.277.138 so SO SO 129.802.880 110.722.600 11.656.630 $5,457,852 so 165.794,S45 
566.299.491 S15.871132 1558.124 .S186.765 S6640.129 so so so so SO 122,658,114 17,115,338 SO 160,937,547 

$46.106.981 120.620,661 SO S1.303.114 so so so SO 132.869.311 112.375.039 SO 111,624,941 
$48,350,655 117.200.850 SO 12,601,906 so SO so so W 121.146.295 Y.287.322 11,652,402 11,955,929 
352.533.2A9 117.503.656 138.402 48,774 11.471.905 so $0 so so SO 119.920.458 12,581,252 51,540.1 I 8  11 ,1 03.930 SO S46,91ts936 

SO SS2.709.844 

52.107.853 S330.119 150.466.381 116.Y6.545 $10.525 -53.676 Y40.155 so SO 123.M5.316 15,361,475 

S54.059.818 111.900.171 1847.522 so so 477678 51.122.741 so SO SO 113,185,036 11.465282 1823,634 S642.055 SO 162,791,957 

10 so 

so 10 so so SO 11,262,982 SO SO 128.454.095 S8620.189 11.965,501 13,212,238 50 S47.010,241 
so 
so SO 141,434.785 

S14,150,63B 10 1331,192 11,019.ll6 12,520,000 265,454.07a 65,722,745 11B,560.566 126,103,395 12.000.000 S505.119.211 

11.384.709 Y.QB(1.322 

12.461.193 S971.350 
158,145,513 120.254 661 

so 

S6S9.779.189 1204114,646 S1.477.231 4430.376 115,264,625 

...__.._./I... 
155.600.017 18,525,549 57,251 -17.251 so 110281422 1139124 1%413364  Sl61&71> 
150.168.812 110,252,181 
150.808158 S13.236 608 
550,434,979 $9.872.687 
154,342,313 16.495.995 
S60.857.461 110,205,191 
S66.350.660 S13.164.856 
167,412,148 110.104.446 

r 155512.571 S12.821,666 
Y8.215.931 114.331 721 
$48,411,830 19.901.646 
$52,835,492 S9.585.559 

1664,020,181 1110.710.461 1 

.~ . . ~ . ~ ~  . .~~ , 
SO SO 10 S11:825:643 11,173,362 Sl.509.436 147.206.074 

SO I85 -185 515,877,398 52,835,577 12.107.853 14S,652.023 
so 1107.652 -1107.652 111,964.903 12200.068 S%,478,452 $46,856,312 
so 1592,526 -169.131 16.912.482 Y85.594 1823.634 151.625.511 
so 1147.076 .S92.960 112,729,881 12,817,852 51.468.213 168,816,616 
so 118,978,579 S6213.891 11,656,830 150.460.167 

SO 117,414,127 $4.592.6$1 S1.958.504 149,911,212 
SO 121,341,349 57,011,628 12.481 193 119.741.116 

so so 

so SO 
so 10 

1336.857 -155,971 so S14.883.110 14235,234 S1.3M.709 362.149.053 

so 10 so 111,152,409 11,244,763 S1.652.402 $45,544,564 
111.633 111.063 so 110,427,381 1830.751 S1.5~0.1I8 35(1.476.451 

~1.105.460 4121,167 S1.640.000 1164,671,870 114,181,680 $19,688,566 SS13.302,106 

Tola1 GaDenuOn Total Purchndsd 
C0116 Power C O 9 l  

170,566,765 SO 
167,094.949 SO 
569.018.928 S.848 
162.163.242 119.957 
166,959,785 1570.141 
177.011 163 S50941 
S66.434.571 so 
182,916,924 1371,319 
176,4W).O98 SO 
166,929,851 so 
S65.561.505 SO 
S70.036.901 127.628 

1584.194.615 11.045.650 

Total GaneraUon Tolai Purchased 
COSLS POWB'CDIU 

110.588.765 10 
s57.094.949 10 
169,036,826 56.548 
152,163,242 119,957 
165,958,795 5570,147 
177,011,163 S50.9ll 
186.434 571 so 
S82.915.924 1371.139 
176 m0.096 so 
168.929.651 so 
165 581.505 so 
170.036.901 127.628 

1864.194.516 11.046.860 

Total GaWRtlOn ToU.1 Purchairod 
CO*ll Power Cart% 

185,328,587 SO 
160.411.153 10 
563,847,214 SO 
S80.307.881 SO 
S80.836.311 1523,395 
171,082,858 151.716 
S82.115.356 so 
118.136.595 1280.888 
169.33d.463 SO 
182,547,855 so 
158.349.476 SO 
162.421.082 124.81  

1794.111.245 1883.291 
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Exhibit RRM- 
Table 4 
Off-System Sales Comparison 

Day 2 LGE Out of 
MISO with 

MIS0 Day 1 Day 2 LGE in Conservative 
Operations MIS0 Hurdle Rates 

14,177,619 9,126,612 LGE Off-System Sales MWH 10,283,998 
Ave. Hourly LGE Gen Price ($/MWH) $1 7.67 $18.94 $1 7.28 
Volume Weighted Ave. LGE Gen Price ($/MWH) $18.93 $19.81 $18.50 
Vol. Weighted Ave. LGE Off-System Sale Price ($/MWH) $20.64 $18.72 $1 8.03 

Off-System Sales Revenues $191,670,231 $265,464,075 $164,571,870 

Day 2 LGE Out of 
MIS0 with Model 
Benchmarked to 
Historical Sales 

Levels 

4,196,189 
$15.13 
$16.79 
$18.89 

$79,263,426 



Exhibit RRM- 
Table 5 
Unit 2005 Capacity Factor 

LGE Out of MISO with 
LGE Out of MISO with Model Benchmarked 

LGE in MISO Conservative Hurdle to Actual Off-System 

Brown 1 
Brown 2 
Brown 3 
Brown 6 
Brown 7 
Brown 8 
Brown 9 
Brown 10 
Brown 11 
Cane Run 4 
Cane Run 5 
Cane Run 6 
Cane Run I 1  
Coleman 1 
Coleman 2 
Coleman 3 
Dix 
Ghent I 
Ghent 2 
Ghent 3 
Ghent 4 
Green 1 
Green 2 
Green River 1 
Green River 2 
Green River 3 
Green River 4 
Haefling 1 
Haefling 2 
Haefling 3 
Mill Creek 1 
Mill Creek 2 
Mill Creek 3 
Mill Creek 4 
Ohio Falls 8 
Paddys Run 11 
Paddys Run 12 
Paddys Run 13 
Reid 1 
Reid 2 
Trimble County 1 
Tyrone 1 
Tyrone 2 
Tyrone 3 
Wilson 1 
Waterside 7 
Waterside 8 
Zorn I 

Regional Dispatch Rates (TORC Option) Sales 
55% 51 % 
65% 62% 
59% 56% 
2% 3% 
2% 2% 
1% 1% 
1% 1% 
1% 1% 
1% 1% 

61 % 53% 
82% 70% 
54% 43% 
0% 0% 

82% 74% 
71 % 65% 
74% 58% 
26% 26% 
72% 63% 
72% 62% 
60% 50% 
62% 53% 
86% 84% 
86% 84% 
32% 27% 
31 % 27% 
53% 47% 
58% 50% 
0% 0% 
0% 0% 
0% 0% 

70% 52% 
51 % 41 % 
66% 51 % 
69% 64% 
81 % 81 % 
0% 0% 
0% 0% 
1% 1% 

46% 43% 
0% 0% 

83% 77% 
0% 0% 
0% 0% 

45% 43% 
83% 77% 
0% 0% 
0% 0% 
0% 0% 

46% 
58% 
54% 
2% 
2% 
1% 
1% 
1% 
1% 

49% 
58% 
35% 
0% 

69% 
61 % 
47% 
26% 
52% 
53% 
45% 
46% 
78% 
73% 
24% 
24% 
44% 
45% 

0% 
0% 
0% 

38% 
33% 
43% 
58 % 
81 % 
0% 
0% 
1% 

41 % 
0% 

64% 
0% 
0% 

40% 
70% 

0% 
0% 
0% 



Exhibit RRM- 
Table 6 
Summary of Sensitivity Cases 

Case I Sensitivitv 
Base Case Comparison 

Dispatch Impacts of GFA 
Carve Out 
Lower than Anticipated 
Transmission Utilization 
under Coordinated Dispatch 
Hurdle Rates Base on 
Benchmarking LGE 
Transactions More Closely to 
Historical Levels 

High Fuel Costs 

Low Fuel Costs 

Operator Reliability Coordinator Option 

Minimum Value for Very Low FTR Value & 
Illustrative FTR Illustrative FTR Very Low FTR Transmission Revenue 

Equality 
$74,698,825 $4@9 'l, 037 $1 4,255,073 $8,162,893 

$71,525,922 $40,623,636 $1 5,774,198 $8,366,306 

Allocation Allocation Value 

$1 I ,293,138 $5,345,238 $72,315,404 $42,056,106 

$101,933,925 $71,126,137 $41,490,173 $35,397,993 

$84,401,274 $47,231,883 $1 3,966,43 1 $7,953,443 

$59,923,914 $35,891,356 $1 3,992,329 $7,824,077 



Exhlblt RRM - 
Table 7 
SenslUvlty for MISO Transmisston Utlllrallon - Results for Annual Net Cost to Serve Control Area Load 

Cost to Serve LG8E I KU Control Area Load under MISO EMT with Iliustratlve FTR Nomlnallons - LGBE I KU In MISO 
Maxlmum MIS0 Transmlssion Utlllzatlon Limited to 97% of Flowgats Capaclty 

Month 
January 
Febwary 
March 
Apnl 
May 
June 
July 
Augusl 
September 
October 
November 
December 
Total 

Total Generatton Casts 
70,578,855 
66.997.049 
68,674,513 
61,759,652 
68,046,599 
77,274.906 
69.062.919 
83 723.657 
76 377.605 
68.766.480 
65318.463 
69,873.345 

1864,454,042 

Purchased Power LG8E Congestlon Schedule 10.16 8 Schedule 21 
costs costs 17 costs costs 

so 
so 

$4.697 
S26.007 

1550,474 
554,533 

so 
$351,790 

so 

61,720,653 
S2.001.313 

$693.873 
52,109,154 
$2,541,663 
S5.624.592 
$7,481,000 
$7,375,070 
$4.839.816 

so 
$0 
so 
so 
so 
so 
so 
$0 
so 

$0 11,463,012 so 
SO $2,716,762 so 

840,019 S2.170.508 so 
11,027,721 540,837,437 514,150,839 

Option 
so 
so 
so 
so 
so 
so 
so 
so 
so 
so 
so 
so 
SO 

Narrow A 8 G Casts Less: Revenue from Off- Less: MISO Dlatribuuon of 
Conswalned Area Associated with RTO System Sales Net of 

Membership 
Schedule 1,7,8 8 

Transmission Charges Transmlsslon Revenues 8 GFA Uplifl Upllfl 
so so so 516,709,745 $2,991,736 
so so $0 $19.712.622 $3,113,962 
so so so 123,244,744 S2.353.516 
so so $0 S15.511.348 51,242,052 
$0 so so $13,285,925 $1,693,359 
so so $0 $21,249,481 82,025,520 
so so so 530,332,005 81.675.310 
$0 so so S23.413.180 S1 ,744,862 
so so $0 $28.272.231 $1,678,961 
so so so 532.529.153 $2.308.078 
so so so $20.746.629 $2,581,094 
so $0 so $19,664,478 S2.264.265 

5267.134 51,113,574 $2,620.000 1264,671,541 $25,672,746 

Cost to Serve LG8E I KU Control Area Load under MIS0 EMT with IIIuswatlve FTR Allocation and Maxlmum Counterflow RestoraUon - LG8E I KU In MISO 
Maxlmum MIS0 Transmlsslon Utlllralion Limltsd to 97% of Flowgato Capaclty 

Month 
January 
February 
Msrch 
April 
May 
June 
July 
Augusl 
Seplembei 
October 
November 
December 
Total 

Less: F I R  
Revenue 

4,598,910 
3.437.791 
4.263.386 
8,281,149 
8.956.617 

12.835.343 
20,005,446 
18,485,048 
4,625,961 

-1.376.102 
2,110,640 
4,226,154 

591,650,345 

Less: FTR AucUon 
Revenues 

so 
so 
so 
so 
so 
so 
so 
so 
so 
so 
so 
so 

$2,000,000 

Net Cost lo  Serve 
Control Area Load 

$47,999,115 
$42,733,967 
$39,511,637 
$37.860,264 
145,302,826 
546,843,686 
544.531 ,1 57 
S47.807,407 
$46,440,268 
136,768,354 
542.595.882 
845,428,975 

5540,476,114 

Narmw A 8 G Costs Less: Revenue from Off- Less: MISO D161C/buUon of 
Conslralned Area Associated with RTO Syslem Sales Net of Schedule 1,7,8 B Less: FTR Less: FTR AucUon Net Cost to Serve Purchased Power LG8E Congestion Schedule 10,16 8 Schedule 21 

Total GeneraUon Costs Costs cost5 17 costs Casts Option 8 GFA Uplift Uplift Membenhlp Transmlsslon Charges Transmlsslon Revenues Revenue Revenues Control Area Load 
70,578,855 SO $1,720,653 $0 so so so $0 $16.709.745 52,991,738 $3,853,055 so $48,744,970 

68,674,513 $4.897 $693,873 so so so so so S23.244.744 52,353,516 $1,627,966 so $41,947,055 
66,997,049 SO $2,001,313 so so so so so $19,712,622 53,113,962 $2,031,756 so 544,140,022 

61.759.652 826,007 $2.109.154 so so so so so $15.51 1.348 51.242.052 93,832,827 so $43,308,586 
66,046,599 $550,474 $2.641.663 so $0 so so so %13,285.925 S1,693,369 $7.359.892 so $46,899,551 
77,274,906 $54.533 $5,624,592 so so so so so 521,249,461 $2,025,520 $9,713,366 so $49,965,661 
89.062.919 SO S7.461.000 so so so so so 130.332.005 $1.675.310 $14,108,643 so S50.427.962 
63.723.657 1351.790 S7.375.070 so so so so so $23,413,180 $1,744,882 S12.808.419 so $53,484,056 
76.377.605 SO $4,839,816 so so so $0 so $28.272.231 S1.678.961 $3,369,641 so $47.896.568 
68.786.480 SO 81,463,012 $0 so so $0 so $32.529.153 $2,308,076 -52.284.745 so 537.67'1.007 
65.318.463 SO 12,716,782 so so so so so $20,746,629 $2,581,094 1836,050 so 543,871,472 
69,873.345 $40,019 $2,170,508 so so $0 so so $19,664,478 $2.264.265 13,934,173 so 546,220,955 

$864,454,042 $1,027,721 $40,837,437 $14,150.839 so $267,134 S1,113,574 52,620,000 $264,671,541 $25.672,746 551,397,047 $2,000,000 5570,755,412 

RRM - Table 7 
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Cost to Sews LGBE I KU Control Area Load under MISO EM7 wlth Very Low FTR Allocatlon Valuo . LGBE I KU In MISO 
Maximum MISO Transmission ul11tz811on Llmlled 10 97% of Flowgale Capaclly 

Narrow A B G Casts Less: Revonuo from OH- Less: MISO Distribution a1 
Constrained Area Associaled wlth RTO System Sales Net at Schedule 1.7. 8 8 Less: FTR Less: FTR Auction Net Cosl l o  Serve 

Month Total Generalion Costs Costs C.3515 17 Cost5 CD5t6 Option E GFA Uplift Upiltl Membership Transm!ssion Charges Transmission Revenues Revenue RWe"U3s Control Area Load 
Purchased Power LGBE Congestion Schedule 1 0 1 6  8 Schedule 21 

January 70,578.855 $0 
February 66,997.049 $0 
Match 68.674.513 $4.897 
Apnl 61,759,652 526.007 
May 66,046,599 $550.474 
June 77.274.906 $54,533 
July 83,062.919 $0 

September 76.377.605 $0 
Oclober 68,756,460 SO 
November 65,318,463 $0 
December 89,873,345 $40.019 
Total $664.454.042 $1,027,721 

August 83,723.657 $351,790 

$1.720,853 $0 
52.001.313 $0 

$693.873 $0 
$2.109.154 $0 
$2.841.663 $0 
$5.824.592 $0 
$7.481.000 so 
$7.375.070 $0 
$4.839816 $0 
$1.463.012 $0 
$2.716.782 so 
$2.170.508 $0 

540,837,437 $14,150,839 

$0 
SO 
$0 
$0 
$0 
$0 
$0 
$0 
$0 
$0 
SO 
$0 
SO 

$0 
$0 
$0 
$0 
SO 
$0 
$0 
$0 
$0 
$0 
$0 
$0 

$267,134 

SO 
$0 
$0 
$0 
$0 
$0 
$0 
$0 
$0 
$0 
$0 
$0 

$1,113.574 

$0 
$0 
$0 
$0 
$0 
$0 
$0 
SO 
SO 
SO 
$0 
$0 

52,620,000 

516,709,745 
$19,712,622 
523,244,744 
$15,511,348 
$13.285.925 
$21,249,481 
$30,332,005 
$23,413,180 
$28,272,231 
$32,529.153 
$20.746.629 
519,664,478 

1264,671,541 

$2,991.738 
$3,113,962 
52,353,516 
$1,242,052 
$1,893,369 
52,025,520 
$1.675.310 
$1.744.882 
51,678,961 
$2,308,078 
92,581,094 
$2.264.265 

$25,672,746 

$1.290.490 
$1,500,985 

$520.405 
$1.581.866 
81,961,248 
$4,218,444 
$5,610,750 
$5,531,302 
13,629,862 
$1,097,259 
$2.037.587 
$1.627.881 

$30,628,079 

$0 
$0 
$0 
30 
SO 
$0 
$0 
$0 
$0 
$0 
$0 
$0 

$2,000,000 

$51,307,535 
$44,670,795 
$43,254,618 

552,278,195 
555,460,585 
$58,925,855 
560,761,153 
$47.636,367 
$54,295,003 
142,669,935 
$48.527.248 

$601.498.380 

145.559347 

Cast to Serve LGBE I KU Control Area Load under MISO EMT wlth Very Low FTR Allocation Value and Excluding Transmlsslon Revenue Benefits. LGBE I KU In MISO 
Maximum MISO Transmrssion Utl11zalion Llmited to 97% of Flowgate Capacity 

Narrow A a G COSIS Less: Revenue from Off- Le5s: MISO Dlstrlbuuon of 
Canslralned Area Associated with RTO System Sales Net of Schedule 1.7, 8 8 Less: FTR Less: FTR Auction Net Cost to Serve 

Month Total Generation Costs Costs CO5tS 17 Costs COStS option B GFA upun  uptin Membsrshlp Transmission Charges Transmission Revenues Revenue Revenues Control Area Load 
January 70,576,855 $0 $1.720.653 $0 $0 $0 $0 $0 $16,709,745 $1,425,144 $1,290,490 $0 852,874,129 

$46,164,330 
March 68,674.513 $4.897 $693.873 $0 $0 $0 $0 SO $23,244,744 $2.089.285 $520.405 $0 143,518,849 
Apnl 61,759,652 $26.007 12.109.154 $0 $0 $0 SO $0 $15.511.348 $1.525.703 $1,581,866 $0 $45,275,896 
May 66,048,599 $550.474 $2.841.663 $0 $0 $0 $0 SO $13,285,925 $834,779 $1.981.248 $0 $53,136.784 

Purchased Power LGBE Congestion Schedule 1 4 1 6  8 Schedule 21 

February 65,997,049 $0 $2.001.313 $0 $0 $0 $0 $0 $19,712,622 $1,620,425 $1,500,985 $0 

June 77,274,906 $54.533 $5,624,592 $0 $0 $0 $0 $0 $21,249,481 $1,497,675 $4.218.444 SO $55.988.430 
July 89,062,919 $0 57.481.000 $0 SO $0 $0 SO 530,332,005 $1.691.682 $5.610.750 $0 $58,409,483 
Augusl 83.723.657 $351.790 $7375,070 $0 $0 $0 $0 $0 523,413,180 $1.408.736 $5,531,302 $0 561,097,299 
September 76,377,605 $0 14,839,816 $0 $0 $0 $0 $0 $28.272.231 $2,004,635 $3,629,862 SO $4730,493 
October 68.766.480 $0 $1,463,012 $0 $0 so $0 so $32,529.153 $2,461.527 $1,097,259 $0 $34,141,553 
November 65.318.463 $0 $2.716.782 $0 $0 $0 $0 $0 $20.746.629 $1.625.365 $2,037,587 $0 $43,625.664 
December 69.873.345 $40.019 $2.170.506 $0 $0 $0 $0 $0 $1,539,688 $1.627.881 SO $49,251,824 $19,664,478 
Total $864.454,042 11,027,721 540,837.437 $14,160.839 SO 1267,154 $1,113,574 $2,620,000 $264,671,541 119.724.846 $30,628,079 52,000,000 $607,446,281 

Cost to Serve LGBE I K U  Control Area Load wlth LGBE I KU OuLSlde MISO 
Maximum MISO Transmission Ulilizatlon Limited to 97% of Flowgale Capaclly 

Less: Revenue 
ABG and from Off-System Less: 
Rellabllity Sales Net of Transmlsslan 

Purchased Power Coordlnation Transmisslon Revenue from OH- Net Cost l o  Serve 
Month Total GeneraUon Costs Costs Services Costs Charges System Sales Control Area Load 
January $65,413,601 $0 0 $10,372,839 $1,425.144 $63.615.618 
February $60525.032 $0 0 $11,882,055 $1,620,425 $47,222,552 
March $63,757,757 $0 0 $15,904,738 $2,089,265 545,763,736 
April $60,558.112 SO 0 $12.251.945 $1,525.703 $46,780,464 
May $60,837.622 $496,573 0 $7,024.249 $834.779 $53.475.167 
June $71.290.177 $57.771 0 $13.010.649 $1,497,675 $56,839,624 
July $82.563.309 $0 0 $20.565.366 $1.691.682 $60,306,262 
August 878,490,995 $257.429 0 $15247.488 $1.408.736 $62,092,201 
September $69,420,486 $0 0 $17.578.621 $2.004.835 $49,837,032 

November ~58.~02.937 $0 0 110,757,658 $1,825,365 S45.819.914 

Total $796,037,301 $830,571 $1,840.000 $166,191,508 $19,724,846 $612,791.518 

October 162,561,407 $0 0 $21,349.301 $2.461.527 $38.750.578 

December $62.415.862 518.799 0 $10,446,603 $1,539,688 550,448.370 
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153.798.589 
S48.532.753 
116,733,019 
$46.567375 
152,485,563 
158.657.771 
565.571.867 
564,503,607 
S54.559.056 
$47.008.337 
146,889,897 
S50.903.513 

1640.220.928 

116,912,325 
$16,499,711 
S20.357864 
113,496,784 
113,483,598 
118.560.010 
122,905,788 
S18.443.711 
111,957,102 
127,964,432 
118.696.536 
119.295.160 
224.562.612 

SO 
10 
so 

122.778 
S479.356 
1254.268 

so 
119l.495 
s27,033 

so 
SO 

S14.546 
1988,476 

SO 
SO 
SO 

-122.358 
-S190,237 
-1244,541 

SO 
.181,987 
4 2 7  033 

so 
SO 

-13.720 
-649.654 

LGE I KU Canlrol NIROW A L G COSLS 
Ama CongerllOn Schedule 10. 16 6 17 Schedule 21 
CLII1S CDStB COhIS Uplin UPldt RTO Momhsrshlp 

OpUon 8 GFA Conrtralned Arm AIsOClatad wilh 

11,312,823 SO SO SO 
SO 11.687.341 SO so so so 

$427,055 so SO so so SO 
so SO 11,431,517 so SO SO 

12.406.552 SO $0 so so SO 
SO so SO 15,432,283 so SO 

57.1 55.072 SO SO SO SO SO 
SO SO 

14,192,781 SO SO so so 
S1.305.891 SO SO so SO SO 

SO SO $2.567.844 50 so SO 
s1.575.430 so SO SO SO SO 

S36.191.447 S14.166.8J9 SO Sl12,282 11,023,256 12,620,0011 

SO 50 

15.674.860 SO so SO so 

LOIS: 511.5 Ravenua on-Syrtsm 

117.113.139 
120,351,361 
521,116,111 
115,615,314 
113699481 
122,224,481 
131,819,304 
S24.266.317 
529,106,407 
134.168272 
121.557.011 
S20.515.436 

1276,453,656 

OnSyrlrm Sshr  
Margln' 

S380.814 
11.851.670 
U.OS8.447 
13,140,878 

1126.123 
U.B69,023 
16,711,516 
15.881.573 
Sl.778.337 

512,201,840 
12,860,873 
$1.223.996 

552,410,711 

Less: Dlrlrtbvbon of 
Schedule1.7.66 
Tnnrmlrrlon Revenvsr Lesl: FTR Auctlon Sewe Control 
On OltSyslem Sale% RlYlnuBI Ravenues Area Load 

Leso: FTR Net Cost 10 

S2.961.738 $4,023,259 SO S47,715,582 
SO $42,344.697 13.113.962 12,909,865 
SO S19,068,149 12,553,516 11,679,962 

11.242.052 18,543,656 SO 137.066,081 
11.693.369 S8200.518 SO S45.053,462 
12.025.520 112,049,886 SO 116.160,2M 
11,675,310 I1 6,345,019 SO $41,991,874 
11,744,862 116,061,013 SO 117,671,491 

$0 $45,051,845 11,676,951 11.271.729 
S2.308.076 .S1269.568 SO S35.060.876 

$0 141,586,742 12,581,094 S2.450.232 
12264.285 $3,643,127 SO 145,362,098 

125,672,146 181.695.301 12,000,OLIO 1632,659,474 

IncmmmDI Purshinsd POWL~ B~mmenl l l  
GBmmllon Corls Genenllon Costs to Sane PYrChmLd Power LGE IHU ConUol 
l o  SlwB Control CDs1s 111 Suppod Control Area Cars  ID Suppan Area Congeallon Srhodi 

S53.798.569 118,932,325 so SO 11,312,623 
AleaLoad Oflbystem Salmr Load 0If.Synlsm 5.116 colts CDItS 

$46,512,751 116,489,711 SO so S1.687.311 
$46,733,018 120,357.6S4 SO SO -27.055 

152,485,563 113.463.508 $479.358 -1190.237 12,106,552 
158.657.771 118.580.010 1254.289 4241,511 S5.432.283 
165.571.667 122,805,768 SO SO 57.155.072 
564,501,607 118,443,711 1191,495 &51.967 16,614,880 

C 154.589.056 121.857.102 127.033 .S27.033 S4.192.781 
S47ODB337 121964432 50 I0 *I ,05884, 

sa.567.375 513,496.194 522.776 -~22.356 11.411.517 

. .  .~ ~. 
146.869.697 116:696:536 so so 12,587,644 
S50.803,513 118,295,160 114.546 -s3.720 11,575,430 

164O.2ZO0.928 224,562,612 1689,476 -646.664 136<161,447 

210 10, 16 6 I7 Schedule 21 
COl1. 

SO 
50 
SO 
SO 
SO 
SO 
$0 
10 
SO 
SO 
$0 
SO 

114,160,839 

Le=*: RW*""* 
lrom OHSyrtem La%%: Dlrttibvflm of 

OPUon B GFA Canrtnlnsd Area ASIoclaLod wilh TnnlmlDIlon OHSya1sm Sales Tnnrmirsl0,n Revmuoci Lars: FTR Auction Sawe Control 
upirn upiin RTO Mamhemhlp Charges Marom. on OH-System Salcr Rnvenurr Revmuis Area Load 

Nanaw ALGCoaIS SalsrN~laf  Schalu le l .7 .6S Loss: FTR NalCortto 

so SO SO SO 117,313,138 5380,814 

SO SO SO S41.504.378 SO 50 121,4l8,1l1 $4.058.447 
SO 
so SO SO SO 113.698.464 926,123 S1.893.369 16.411.159 SO 146,642,816 

SO SO SO 50 SO 50 S31.619.304 16.713,536 11.675.310 $12,691,385 SO 119,646,606 
SO SO SO S24.266.317 15,864,573 S1.7a4.682 110.890.087 SO $52.650.415 

SO 12.991.718 13.147.231 SO 1411,581,610 
SO SO SO 120,351,361 S1.851.670 SO $41,726,966 

SO so SO 116,616,314 13,140,676 51242,052 S2.766.833 $0 S42.868.908 

SO $0 $0 SO $22224.191 13,889,023 12.025.520 59.050.755 SO $49,176,025 

SO u) SO S29.706.407 17.778.337 SO 147.040.201 
so so SO SO 134,169,272 112,204,640 SO 116,087,142 
so so SO SO 121.517.011 12.660.473 12.561.094 11,077,339 SO 142.658.616 
so so so SO S20.515.436 11223.998 SO 116,827.74l 

S3.113.962 11.527.416 
12.353.516 11,243,733 

51.678.961 12293,371 
S2.308.076 -12285.831 

52,264,265 13,177,484 
SO 1342,262 11,021,266 $2,620,000 S276.453.669 162,410,711 S26.672,715 151,983,022 12.000.000 1563,461,166 

Incremontnl Purcbsod Power Incmmental 
Gdnenllon Corm GansnUOn Costs ID Serve Purrharod Power LGE I K U  Control 
to Same Control Car* !D Svppori Control Area Carts to Suppan Ares Conge6hon 
Atom Losa OHbyLtBrn Salor Load 011syslsm S a m  cortr 

S53.798.569 118,932,325 so SO 11.312.623 
S48.532.753 116,499,711 SO so S1.887.341 
S48.733.019 120,357,564 SO SO $427.055 
$48,567,375 113.4S6.7B4 122.776 422.356 S1.431.517 
152.485.563 113,463,598 $479.355 -11'30.237 12,408,552 
158.657.771 S18.560.010 1254,269 -1244.541 55,432,281 
555.571.667 $22,905,786 SO SO 17 155.072 
S84.503.607 S18.443.711 1191,495 451.987 16,874,660 

r S54.569.056 $21,957,102 127033 .127.033 $4.192.76i 
147.006.331 521,884,432 50 so S1.305.S91 
148,868,697 118,606,538 SO SO 12,561 644 
150,903,513 119.285.160 S14.5d8 43.720 11.575.410 

1640.220.928 224,632,812 198P.476 449.654 S36.191.447 

Scbdule 10.16 6 17 Schedi 
Colt. CDSIS 

$0 
SO 
so 
SO 
SO 
SO 
SO 
50 
SO 
50 
I0 
SO 

$14,160,819 

.I* 21 Opllon B GFA 

SO SO 
SO so 
$0 SO 
SO so 
50 SO 
so SO 
SO so 
SO so 
SO I D  
SO SO 
$0 SO 
SO SO 
10 1142.282 

w i n  

Leas: Dirulhvtion 01 
Srhsdula 1.7, h B 

from OIISyr1sm 
N O n D W  A 6 G C O S U  Sales Net a1 
Conrlnlnrd A m  A~lor la lsd  wilh Tnnsmirrlon Ollsyaem Sales Tranrmisian Revenuei Lesa: m 
uplift SO RTO Membership Charper Margin. on OlfSyrtem sales Rovanuar 

SO 10 117.313.139 1380.614 12.991.738 1984,817 
SO 520,351,361 S1.851.670 U.113.962 11,265,505 

SO SO 118,615,314 U.140.676 
SO SO 113.699.464 1426,123 S1.893.369 11,806,414 

12,025,520 $4.074.212 SO SO 122,224291 53,889,023 
11.615.110 1,156,304 SO SO 631.619.304 18,713,536 
51,741,882 15.006.145 50 524,266,317 15,684,573 

so SO SO 128,706,407 17,776,337 11.676.861 13,144,588 
SO $34.169272 S12 204 840 12 308 076 19,9418 

SO SO 124.418.1 11 U.056.4~7 12,353,516 S320.291 
so St242.052 11,073,637 

. ~, ~ 

SO SO 121,557,011 12.660.473 52,581,094 S1.910.883 
so 52264,265 S1.161.572 

S1.023,266 12.620,OOO 1276,461.669 151,410,711 126.672145 127.145.68< 
SO S20.515.436 11.223.996 

bss:FTR 
AYLllD(I 
R*"O""eS SO 

SO SO 

so SO 

so SO 

SO 

SO 
SO 
SO 
SO 

12.090.000 

Nsl Cost to 
serve CD""0l 
Area Lord 

160,761,224 
141,968,967 
112,427.820 
144,665.104 
S61.447.664 
S54.166.568 
166.971.669 
158,714,361 
149.188,96II 
532.821.861 
$42,095,091 
147,821,651 

1586,311,198 

Total Tom1 
Genenllon Purchased 
costs POW. carts 

70.730.694 0 
67.032.464 0 
69,090,683 0 
62,054 169 422 
65,849,161 269.118 
77,237,781 9.726 
68,477,434 0 
82,917,317 129.528 
76.526.160 0 
68,972,769 0 
65.586.235 0 

1164.813.741 70,198,672 1418,622 10.628 

Tola1 Total 
Gcnsnllon Pulcbasr)d 
cost5 Powercorfr 

70,710,894 0 
87,032,464 0 
69.090.683 0 
62,081,169 422 
65,949,161 289.116 
77.237.761 9.726 
86,471,434 0 
82,847,317 129.526 
76.526.160 0 
66 972 769 0 
65.588:235 0 
70 198.672 10.826 

1864,613,741 1439,622 

Total Total 
Generalion Pvrrhsral 
cost* Power costs 

70.730.894 0 
67,032,464 0 
69.090.663 0 
62.084.169 422 
85,949,161 289.116 
77,237,781 9.726 
88,477,431 0 
82,847,317 129.526 
76.526.160 0 
68,872,789 0 
65.566.215 0 
70,188,672 10.626 

S864.813.741 1419,622 
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Less: 
Tnnimrrrlon Net Costto S D N ~  

Incmmmtal Purchased POWE, lncmmenbl A 6 0  and Less: Revenue llom 
Genemllon CDIU GLnOratim Costs to Save  Purrhasad Pawar Reliabllily Oll-Syslem S*lar Net 
Lo SLNO Cosnol Cl)lt% $0 5uppcn Control Area Costa 10 Svppon Coordinsllon OITranrml~llon OH-Syitwn Rsvenve lrom Control Area 

Manlh Area Load Ol1.syrtem 5a1ar Load OllSys temSi la~  5awiC01 CostS ChargBS Sales Mwyiln' OfISystsm Sales Load 

Febrvsw Y6.701.465 110.897.155 SO SO SO Sl1.005263 1110,828 51,767,162 146,921,398 

SO Sl2.345.780 51.052.623 S1.720.212 145,011.666 apnl S48.720.424 111,317,246 164.079 -16W79 

S56.729.269 111,687,175 1221.999 6222.999 SO 112.782.130 11,127,754 11,569,475 355,965,067 June 
SO SZO.601.606 15,109,002 S1.676.767 166,901.650 
$0 115.347 1.6 13.169.234 51.567.607 160,501,109 AuQuIf 165.215207 112,205,344 1131.913 -I50.430 

SeDlembsr S34.514.738 114.181.660 17 636 -57.636 $0 517,645,446 11.572 407 SZ 203,338 146.946.632 

JBnYBIY 554 062.746 S10.340.333 114,142 -114.142 so 19.449.350 -1676.641 S1.565.329 151.167.199 

Ma,* Y5.867.963 114.164.167 SO SO SO 515,497,095 11212.926 SZ293.406 145,341,632 

s52.594.i50 $7,136.273 ~418.791 .s212.001 $0 18.270.369 -1673.901 S961 370 152,646,072 M ~ Y  

July 185.669.539 115.692.604 $0 SO 

O i & a  Y7.047.005 113.331.oo6 SO SO 50 121,911,195 18,576,792 12,710.609 137,761,007 
Nouarrmer 147,015,278 110.619.519 $0 SO 110.765.994 450,523 11,839,216 145,226,656 SO 

Total 1642,997,906 $144,352,560 $906,167 4597,866 $1,040.000 1163,529,466 S19.774.762 S21.663,997 1604.065.386 
DeCemDer S51.208.434 S10.274.479 15.5% -16.595 $0 19,470,515 -S797,036 51.686.052 150,124,016 

Not COIL 10 
5*we C0"lrd 
Ares Load 

SO $62,110,915 
SO 145,504,491 
10 142.610.616 
SO S44.230.085 
so 162.420.4i7 
SO 166,264,618 
SO 167.161.618 
10 SO $46.0111.889 159.658.921 

so 112,549,761 
SO UJ.OSSJ22 
SO 146.55PAO& 

8.000 1695,718,090 

TOLSI Tots! 
Genemllon Purchased 
costs POW, cost9 

70.730.684 0 
57.032.454 0 
69.090.563 0 
62.064.169 421 

55.948.181 77237.781 
288.1l6 9.726 

66.477.434 0 
82.B47.317 129.526 
75.525.150 0 
66.972.769 0 
55,555,235 0 
70 196.672 10.626 

$564,813,741 1439.622 

Total Total 
Ganarallon Purchassd 
CortE Powor cortr 

S64.403.076 so 
139.396.643 so 
163.132.132 SO 
150,097,870 so 
159.851.023 1226.788 
170.416665 SO 
S61.562.443 so 
177,458,551 161,512 
156 986416 SO 
162.360.014 SO 
137.654.706 so 
S61.460.913 SO 

1767.359.648 1308.301 
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Exhibit RRM . 
Table 9 
High Fuel Cost Ssnsitlvlly AnBlysIa. Cost to Serve Contml Area Load 

High Fuel Cost Sen3itivlfy Anslyrlr . Cost to Serve LGKE I KU Control Area Load under MIS0 Day 1 OperatlonS 

Less: MIS0 DlslribuUon 
Less: Revenue from Off. 01 Schedule 1,7, K 8 

Purchased Power System Sales Net of Transmlrrion Net Cost lo Serve 
Month GeneraUan Costs Casts Schedule 10 Costs Traransmlrslon Chameli RBVB~YBS Control Area Load 
JBWW 
F e b r u q  
March 
Awl  

June 
July 
AUBUII 
Seplembei 
Oclober 
November 
December 
Total 

May 

572.570.680 51.254 SO S10,58<999 12,991,736 $59,010.1 98 
569.724.167 so SO 115,573,147 53,113962 151,037,058 
572,950,940 5848 so 519,858,136 52,353,516 $50,740,136 
567.540.298 59.244 so 114.267.482 S1.242.052 152,040,007 
568.337.905 $917.650 SO 58,498,977 51,693,369 $59,063,209 
580,991,971 556.722 so S16.847.744 52,025,520 162,1758428 
S95.906 002 5914 SO 526,402,547 S1.675.310 $65.929.060 
$90,862,019 9450.1 11 SO 120,994,619 S1.744.882 168,572,630 
180,623,351 so so S24.840.021 51,678,961 154,304,370 
172,531,574 SO so 128,281,723 S2.308.076 141,947,773 
568.221 343 50 so 116.380.412 52,581,094 $49,265,831 
f70.761.202 554,828 so 112,854,817 52,284,265 155,896,948 

1911,033.453 11,491,511 17,O 7 9,924 1216,869,825 125,674746 $576,961,578 

High Fuel Cal l  Senflllvlty Analysts. Cost to S B N ~  LGgE I KU Control A m #  Load under MlSO EMT wllh I I I u E ~ ~ U V ~  FTR Nomlnatlons - LGKE I KU In MISO 

Monlh 
JZ.""W 
February 
M m h  
Apnl 

JUns 
July 
Auourt 
Saplember 
OciobM 
November 
December 
Total 

May 

Tots1 Generation Casts 
80.016.660 
75.790,061 
78,050,690 
69.126.411 
13.482.685 
86,124,842 
99,170.909 
93.032.519 
85,521,844 

74.080.694 
79,107,051 

1971.470.118 

~1,969,932 

Purchased Power LGKE Conoestlon 
COSb coztr 

so 11.591.286 
so s2 002 596 

S8.118 5455,247 
543,744 12,099,950 

5734.476 52.705.915 
5145.655 56,518,423 

5427 58,195,777 
1490,035 17.824.797 

SO 15,034,251 
SO 51,671,299 
SO 13,037,642 

528.947 11,958,899 
11,449,603 543,091,267 

Schedule 
costs 

10,18817 

SO 
SO 
SO 
SO 
SO 
so 
so 
SO 
SO 
SO 
so 
so 

114,150,839 

Schedule 21 

Less: MIS0 DiSmbUtlon 

Transmission 
Less: Revenue from Off. of Schedule 1,7,8 8 

Nsnow Constralned A K G Costs AS5OCIatBd System Snles Net of 
OpUm B GFA Uplln Area Upiln with RTO Mombeship Transmission Charges Revenues Less: FrF 

so 
so 
so 
so 
so 
so 
so 
SO 
SO 
SO 
SO 
so 
SO 

SO SO so 519.475.421 12,991,736 
SO SO so 522,916,500 13,113,962 
SO so so 527.242.952 12,353,516 
SO SO SO 917.632.765 S1.242.052 
so SO SO S14.704.309 51,693,369 
SO so so 523,705,440 S2.025.520 
SO so SO $33,718,818 S1.675.310 
so so SO 525,682,232 11.744.882 
so SO SO 532.015.731 51,678,961 
SO SO so 538,261,131 52.309 076 
SO SO so S24.326.076 52,581,094 
so so so 522.763.774 S2.264 265 

1343,471 11,205,179 12.620.000 1102,663,155 525,612,745 

High Fuel Coi l  Scniitlvlfy Analyils - Cost to Serve LGKE I KU Control Area Load under MIS0 EMT with lllu61rallve FTR Atlocallon and Mexlmum Countedlow Restoration. LGKE I KU In MIS0 

Month 
Ja""aV 
F e b W  
March 
April 
May 
June 
July 
August 
Seplember 
October 
November 
December 
Total 

Purchased Power LOBE C~ngestlon 
Total Generation Costs Costs COSts 

80.018.860 so 11.591 286 
75,760,081 SO SZ;002,596 
76,050,690 S8.118 S455.247 
69,126,411 543,744 S2.099.950 
73,482,665 5734.478 S2.706.915 
66,124,642 1145,855 56,518,423 
99.170.909 5427 18,196,771 
93.032.519 6490 035 17,824,797 
85.527 844 SO $5,034,251 
71,969,932 SO 11.671.299 
74,080.694 SO S3.037 842 
79,107,051 526.947 11.958.999 

$911,470,118 $1,449,603 $43,097,261 

Schedule 
cost5 

10.16K17 
Schedule 21 Costs 

SO 
SO 
so 
so 
so 
so 
so 
SO 
SO 
so 
so 
SO 

114.150.839 

Option B 
so 
so 
SO 
so 
so 
so 
SO 
so 
so 
SO 
so 
SO 
SO 

GFI 

so 
SO 
so 
SO 
SO 
SO 
SO 
so 
so 
so 
SO 

$343.471 

,strained 

so 
so 
SO 
SO 
so 
SO 
so 
SO 
SO 
SO 
SO 
SO 

11.205.179 

Less: MISO DiStribUtion 

Transmission 
Less: Revenue IrOm Off. of Schedule 1.7, B 8 

A B G Costs Associated System Sales Net 01 
wlul RTO Memberrhlp Tranrmlsrlon Charges Revenues I 

so 919.473.427 52,991,738 
SO S22.916.500 53,113,962 
so S27.242.952 52353,516 
so S17.632.765 51.242.052 
so S14.704.309 $1,693,369 
so 123.705.440 12,025,520 
SO S33.718.818 S1.675.310 
SO 525,882,232 S1.744.882 
SO S32.015.731 11,678,961 
SO 538.281.131 52,308,076 
SO 524,326,076 52.581 094 
so 522,763,774 12,264,265 

025,672,746 1302,663,155 $2,620,000 

P S S  FTF 

Less: FTR AUCtlon Net Cost to Serve 
Control Alea Load !Revenue Revenues 

5 304.519 
3,672,746 
4,911,265 
9,876,391 

11,124,422 
15 258 610 

so 153,836,263 
SO 547,879,467 
SO $44,006,301 
SO $42,518,890 
SO 149,400,978 
SO S51.801.350 

21;365.032 SO 150:608:954 
20.131.884 so 153,588,352 

5449064 SO 151,418,345 

Lesr: FrF 
:Revenue Revenues 

14,208,925 
12,212,131 
S1.684.412 
S3.214.590 
SB 953 485 

S11.461.918 
114.648.560 
513,624,024 
53,114,044 

-S2.684.310 
1966657 

53 876 401 
165,588,417 

!Auction Net Cost la Serve 
Control Area Load 

so 554,933,857 
SO s49,539.484 
SO $47,033,174 
so 149180.691 
so 151,671.935 
SO 155,596,042 
so $57.325.426 
so 1159,896,212 
SO $55,748,365 
so 541,736,332 
so 149.244.709 
so 152,198,457 

$2.000,000 1538,412,179 

RRM - Table 9 
page 1 of 2 





Exhlblt RRM - 
Table 10 
Low Fuel Cost Sensitivlly Analysis - Cost to Serve Control Area Load 

Low Fuel Cast Sensitivity Analysis -Cost to Serve LGKE I KU Control Area Load under MIS0 Day 1 Operations 

Month 
January 
FebNary 
March 
April 
May 
J""9 
.l"l" 

Generation CoLs 
S55,207.Q25 
553,435,115 
$55,744,584 

153,835,643 
$63,235,434 
s74 208 338 

$53,231 ,in2 

Purchased 
Power caste 

8454 
SO 
1635 
SO 

8430,714 
520,654 

$0 

S E h e d u I e 

Less: MISO Distributlon of 
Less: OffSystem Schedule 1. 7 , s  8 Net Cost 10 Serve 

SO S7134.112 52 991.738 $45.081,629 
SO 510,788,760 S3.113.952 539,532,393 
In $14 143 779 %? 353 516 139 247 324 

10 Coilti Sales Rsvenus Transmission Revenues Controt Area Load 

~ .~.. _. . .  . 
%n %lo930868 %I 242 052 141.058 182 -. 
SO -S6:224.734 
SO $12,080,317 
SO S20634144 

- ~ 1  

August $76771:911 $64.572 $0 $15633.875 
Seplember $62,396,891 so $0 $17.326.961 
October $54,304,128 SO SO 518.788.065 
November $51,745,230 SO SO S10.574.050 
December $53,846,955 918.430 SO S8.215.685 
Total $702,622,331 $534.860 $7,078,924 $152,475,351 

. , ., ~. . ,~ 

$1.693 369 $46,348,260 
$2.025 520 $49,210,251 
81 675310 $51,898,854 

51.6789dl 143.390.969 
92 308.078 $33,807,985 
$2 581,094 $38,590,086 

$532,088,018 

$1.744 882 153,487,727 

$2 264.265 143,385,436 
$25,672,746 

Law Fuel Cost Sem.itivily Analysts -Cost to Serve LGKE I KU Conbol Area Load under MISO EMT with l l l ~ ~ t r a t l ~ ~  FTR NominaUons . LGBE I KU in MISO 

Month 
January 
February 
March 
April 

June 

Augu51 

May 

JUlY 

Seplember 
October 
November 
December 
Total 

Total GeneraUon Putchased LGBE Cangestioi, Schedule 10.16 K 
COStS Powsr costs CD5t5 17 Cosls Schedule 21 

61,561,246 SO S1.116.LW4 SO 
58.507.744 SO 81.370.051 SO 
59.858 269 $4.875 $280,571 SO 
54,826 921 SO 51,428,315 SO 
58,173,113 $395,695 SW57.467 SO 
67.893.661 S50.241 84,546,405 SO 
77,437,130 SO S5.487,951 SO 
73,164.400 $216,737 $5,801,535 SO 
67,261,501 SO 13.485 01 1 SO 
59,342,366 SO 9944,231 SO 
56,993,345 SO 82.155.310 $0 
61.014.894 824.005 51,433,358 SO 

$768.895.195 5691,563 $30,012,269 514,150,839 

A K G Costs Less: Revenue Less: MISO Distribution of Less: FTR Not Cost 10 
Nanow Constrained Associaled wlIh from Power Sales Schedule 1, 7.8 8 Less: FTR AuctIOn SoNa Control 

costs O ~ t l o n  6 GFA Unllft Area Uolin RTO MsmbershiD Ouldde LGBE Transmlsslon Revenues Revenue Revenues Area Load 
$0 
SO 
SO 
SO 
SO 
SO 
SO 
SO 
SO 
SO 
SO 
SO 
$0 

SO 
SO 
SO 
SO 
SO 
SO 
SO 
SO 
SO 
SO 
SO 
SO 

$369.473 

SO 
$0 
$0 
SO 
SO 
SO 
SO 
SO 
SO 
SO 
SO 
SO 

$846,737 

$0 
so 
SO 
SO 
SO 

SO 
SO 

SO 
SO 
$0 

$2.620.00(1 

so 

so 

Low Fuel Cost Sensitivity Analysis . Cost to Serve LGBE I KU Control Area Load under MISO EMT with IIIustratIve FTR AllacaUon and Msxlmurn Countemow Restoration - LGKE I KU In MISO 

Month 
January 
FebNsry 
March 
April 
May 
June 
July 
August 
September 
Oclober 
November 
December 
Totaf 

Total Generation Purchased LGKE Congaslion Schedule 10.16 B 
COSt-3 PowerCo*ts cost* 17 Costs Schaduis 21 Casts 

61,561,246 SO S1,116,OO4 SO 
58,507,744 SO $1,370,051 SO 
59,858,269 $4,875 $280,571 SO 
54.826.921 SO 61,428,315 SO 
58,173,119 $395,695 S1.957 467 SO 
67.893.661 150.241 ~4,546,405 SO 
77 497.130 SO 55487,951 SO 
73.164.400 $216.737 15,801,595 SO 
67.261.501 SO S3.485.011 SO 
59,342,366 SO $944.231 SO 
56 993.945 so $2,155.31 0 SO 
51,014,894 524.005 s1 439,358 $0 

$756,695,195 $691.553 $30,012.269 $14,150.839 

514,657,021 
S17.278.761 
S20.247.121 
%13.889,023 
$11,547,246 
S18.413.968 
525,782,731 
1120,030,923 
$24,534,050 
527 981,010 
517,624,583 
S17.048.305 

$229,034,754 

$2.991.738 
83.1 13.962 
52,353,518 
S1.242.052 
$1.693.369 
82,025,520 
91,675.31 0 
S1.744.682 
51,678,361 
$2.306.078 
12,581,094 
S2.264.265 

$25,672,746 

3421,936 
2,566,584 
3.262375 
7.340340 
6,147,681 
9,833,993 

15.01 2,017 
13,232,837 
3.499.291 
-973.775 

2,005,687 
3,031,821 

168,440,787 

SO 
SO 
SO 
SO 
SO 
SO 
SO 
so 
SO 
SO 
SO 
$0 

52,000.000 

536,918,488 $41,606,555 

$14,280,703 
533,783,820 
541,137,985 
$42,216,826 
t44.174,084 $40,515,023 

541,034.210 
131,671,285 
$36,337,885 

6480,227,779 $40,073,867 

Option 6 GFA Uplift 
SO 
SO 
SO 
SO 
SO 
SO 
SO 
SO 
SO 
SO 

A B G Costs Less: Revenue Less: MISO Dlalribulion of Less: FTR 
Nanow Constrained Assoslated with from Power Safes Schedule 1.7,K 8 Less: FTR Auction 
AGW upiin RTO Membership Outside LGKE Transmission Ravenuen Revenue Revenues 

SO SO SO S14.657.021 12.991.738 52,739,081 
SO SO SO $17.278.761 63,113,362 S1.408.673 
SO $0 $0 $20,247 121 $2,353,516 51,194,377 

$1,242,052 $2.826.964 SO 913.889.023 SO SO 
SO S11.547.246 $1,593,369 84,896,745 SO SO 

SO SO SO 918.413968 $2,025,520 S7.655.246 
SO SO SO 125,782,731 51,675,310 510,527,569 

$1,744,882 83,228,281 SO $0 
SO SO SO $24.534.050 51.678.961 52.172.928 

SO 520,030,929 

SO SO SO S27.981.010 sz,3o8.o78 -si,aoo.604 

Net Cost to 

Area Load 
SBNB COnbOl 

$0 142,229,410 
SO 138,076,399 
SO 136,348.101 
SO 538,237,196 
SO $42,388,321 
SO 544,395,513 
SO $44,999,471 
$0 $48,178,640 
SO $42,350,573 
SO 132,396,114 

SO $0 $0 $0 $17.624.589 s 2 . 5 8 1 , ~ ) ~ ~  8760.210 SO 538,183,362 
SO $40,427,529 SO SO SO SO 517.O48.305 92,264,265 $2.738 159 

$0 $359,473 1846,737 $2,620.0(10 5229,034,754 $25.672,746 $44,408,229 $2,000,000 5504,260,337 
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Low Fuel Cost Sensitivity Analysis. Cost to Sewe LGAE I KU Control Area Load under MIS0 EMT with Very Low FTR Allocation Value . LGAE I KU In MISO 

Month 
January 
Febiuary 
MXCh 
Apnl 
May 

July 
AUQUSI 
Seplember 
OCiObe, 
Nouember 
December 
Total 

Low Fuel Casl 

Month 
January 
FebrUW 
March 
April 
May 
June 
July 
A"g"S1 
Sepiembei 
October 
November 
Oecsrnber 
Total 

Low Fuel CI 

Month 
January 
Feb,"aiy 
Mach  
Apnl 
May 
J W E  
July 
August 
Seplember 
October 
November 
Oecember 
Total 

Total Generation Purchased LGAE Congestion Schedule lo, 15 A 
cost5 Power COEt5 costs 17 costs Schedule 21 

61.561 246 SO 61.116W SO 
58,507,744 SO S1.370.051 SO 
59,656,269 54.875 6260,571 SO 
54.626.921 SO 11,428,315 SO 
58.173.119 8395.695 11,957,467 SO 
67 893.661 S50.241 84,545,405 SO 
77497,130 SO 15,467,951 SO 
73.164.4W S216.737 S5.801.595 SO 
67,261,501 $0 13,465,011 SO 
59,942.366 SO 5944.231 SO 
56.993 945 SO 12,155,310 SO 
61,014,894 824.005 $1,439,356 SO 

5756,695,195 1691.553 130,012,259 514,150,839 

Less: FTR Net Cost to A a G Costs Less: Revenue Less: MISO Dlstributlon of 
Narrow Constrained Assoclated with from Power Sales Schedule 1,7,8 8 Less: FTR Auction Serve Controi 

1 costs option B GFA upiift AM upiin RTO Membership Outside LGAE TransmissIan Revenues Revenue Revenues Area load 
SO $44,191,488 S2.991.738 S837.003 SO SO SO SO 814,557,021 

SO SO SO SO 817.276.761 
SO 137,332,650 52,353,515 $210.428 SO SO SO SO 520.247.121 
SO 140,052,924 SO SO SO SO 813.889.023 $1.242.052 81,071,236 

SO SO SO SO $11.547.246 
$0 548,641,015 S2.025.520 $3,409,604 SO SO SO SO S18.413.968 
SO 151,411,077 11,675,310 54.115.963 SO SO SO SO $25,782,731 

S1.744.682 84,351,196 SO $53,055.725 SO SO SO SO 520,030,929 
SO 141,919,743 61,678,961 52,613,758 SO SO SO SO S24.534.050 

S2.308.078 6700,173 SO 129,884,337 SO SO SO SO S27.961.010 
SO $37,327,089 S2.581.094 11,616,483 SO SO SO SO S17.624.589 
SO 142.086.169 52,264,265 S1 079,519 SO SO SO SO 117,046,305 

$0 1359,473 1846,737 12.620.000 1223,034,754 $25,572,745 122,509,202 12,000.000 1526,154,354 

S3.113.962 51,027,538 so 138.457.534 

$1,693,369 51,468,101 so 545,817,555 

Sensitivity Analysis. Cast t~ Sews LGAE I KU Control Area Load under MISO EMT with Very LOW FTR Allocation Value and Excluding Tranamlsslon Revenus Benefits - LGAE I KU in MISO 

Total Generation Purchased LGAE Congestion 
Casts Power costs costs 

61,561,246 SO 
58,507,744 90 
59,856,269 54.875 
54,826,921 SO 
56 173.119 S395.695 
67,693,661 SM.241 
77.497.130 SO 
73,164,4133 S216.737 
67 261 501 sn 

S1.116.004 
51,370D51 

$280 571 
S1.428.315 
$1,957,467 
S4.545.405 
15,467,951 
85,801,595 
s3 485 011 . ~ .~ . 

59.942.366 SO $944,231 
56.993345 SO 12.155.310 

$756,595,195 1691,553 $30,012,259 
61.014.894 S24,005 $1,439,358 

Schedule 21 costs 

SO 
SO 
SO 
SO 

114,150,839 

)st Sensltlvlly Anaiysls . Cost to Sewe LGAE I KU Control Area Load with LGAE I KU Outside MISO 

option 
SO 
SO 
SO 
SO 
SO 
SO 
sn -. 
SO 
SO 
SO 
SO 
SO 
SO 

Nanow Constralnsd 
B GFA Uplift Area Uplifi 

SO SO 
SO SO 
SO SO 
SO SO 
SO SO 
SO SO 
SO SO 
SO SO 
SO SO 
SO SO 
SO SO 
SO SO 

1359.473 1846,737 

A&G and Reilability Less: Revenue from Less: Transmtasion 
Total Generation Purchased Coordination Power Sales Rovenue from Off-System Net Cost to Serve 
COSlS Powe~Cost6 SBTY~CBS Costs Outslde LGAE Sales Control Area Load 

856.577.225 
1652.432.305 
555.531 541 
552.991 787 
$53,577,328 
162,484.264 
S71.276.889 
$66,356,698 
560,620,472 
554,144,328 
$50.394.467 
053,889,303 

1692.278.606 

SO 
SO 
SO 
SO 

$322,737 

SO 
951.095 

SO 
SO 
SO 

S8 627 
1417,479 

535.020 

so 
SO 
SO 
SO 
SO 
SO 
SO 
SO 
10 
SO 
SO 
SO 

11.840.000 

56,493,366 
59,449,602 

113,386,966 
S10.365.621 
S5 874.139 

$10,688,242 
$16.093.055 
812.374.670 
514.148.787 
$17,218,746 

86587,991 
58.196490 

$134,679,898 

51,413,901 
S1.565.556 
82,131,441 
81,538,495 

S651.811 
S1.504.602 
S1.625.988 
S1.412.113 
61,998,651 
$2,429,502 
51.556.567 
11,453,857 

119,504,494 

146,669,357 
$41,396.937 
140,013,114 
141,087,672 
147.174.115 
150,325,440 
151553,846 
$54,621,003 
144.473.034 
134.496.077 
140,247.909 
$44,245,583 

1540,161,633 

A a G costs 
Ansoclated with 
RTO Membership 

SO 
SO 
SO 
SO 
SO 
SO 
SO 
SO 
SO 
SO 
so 
SO 

12,520,000 

Less: Revenue 
from Power Sales Schedule 1.7, A 8 
Outside LG&E Transmiaston Revenues 

Less: MISO Distribution of 

514.657.021 S1.413.901 

120,247,121 S2.131.441 
113,689,023 81.536.495 
511.547.246 1651.61 1 
%I 8.41 3.968 S1.504.602 
125,782,731 S1.625.988 
520.030.929 51 412,113 
$24,534,050 61.996.651 
$27981,010 52,429,502 
S17.624.589 51.556.567 
517,048,305 S1.453.657 

1229,034,754 119,504,494 

117,278,761 $1 585.565 

Less: FTR Net Cost to 
Lens: FTR Auction Serve Contml 
Revenue Re\ 

5837,003 
81,027,538 

S210.428 
S1.071.236 
11,468,101 
83,409,604 
$4 115.963 
S4 351 196 

IB""*S 

SO 
SO 
SO 
SO 
SO 
SO 
SO 
SO 

$708,173 SO 
61,616,483 SO 
51,079,519 SO 

S22.509.202 $2.000.000 

$2:613:758 SO 

Area Load 
545.759.325 119,985,929 

137.554.725 
133,756,482 
146,659,123 
149,151,954 
151,460,393 
113,388,494 
S41.500,052 
129,767,912 
138.349.515 
$42.896.577 

1552,327,516 
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Exhibit RRM - 
Table I 1  
Sensitivity for Benchmarked LG&E Hurdle Rate - Results for Annual Net Cost to Serve Control Area Load 

Cost to Serve LG&E I KU Control Area Load with LG&E I KU Outside MIS0 
LG&E I KU Hurdle Rate Increased by $6 I MWH to More Closely Match Modeled LG&E Out of MISO Sales to Historical Levels 

Month 
January 
February 
March 
April 

June 
July 
August 
September 
October 
November 
December 
Total 

May 

Total Generation Purchased Power 
costs costs 
$561910,142 $0 
$53,285,768 $0 
$56,537,739 $691 
$56,084,210 $0 
$55,831,559 $51 8,813 
$66,208,984 $59,21 I 
$76,751,162 $0 
$73,843,433 $535,409 
$65,246,553 $0 
$59,301,195 $0 
$52 , 332,027 $0 
$54,60531 2 $10,506 

$726,938,285 $1,124,630 

A&G and 
Reliability 

Coordination 
Services Costs 

$0 
$0 
$0 
$0 
$0 
$0 
$0 
$0 
$0 
$0 
$0 
$0 

$1,840,000 

Less: Revenue 

Sales Net of Transmission 
Transmission Revenue from Off- 

Charges System Sales 
$1 107,950 $177,889 
$3,474,178 $550,218 
$7,101,758 $1,058,700 
$6,430,315 $866,148 
$1,491,127 $218,41 I 
$6,484,233 $844,667 
$12,668,194 $1,051,989 
$8,889,453 $845,567 

$14,866,855 $2,024,560 
$4,024,174 $707,292 
$1?839:255 $322,864 

$79,263,426 $10,102,284 

from Off-System Less: 

$1 0,885,934 $1,433,979 

Net Cost to 
Serve Control 

Area Load 
$55,624,303 
$49,261,372 
$48,377,972 
$48,787,748 
$54,640,834 
$58,939,295 
$63,030,979 
$64,643,822 
$52,926,640 
$42,409,781 
$47,600,560 
$52,453,900 

$640,537,205 



Dispatch, LMP’s, FTR’S and 
Settlement 

September 22,2003 

Ron McNamara 

Section I :  The Basics 

The purpose of this section is to introduce and 
reinforce basic concepts that are fundamental 

electricity market design. 
to 

Apx.A _ _  
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Physics 
Two important Laws: 
- Ohm’sLaw: 

The current (i.e. amps) through a conductor, under constant 
conditions, is proportional to the diflerence ofpotential (i. e. the 
voltage) across the conductor, and 

- Kirchoff s 2nd Law: 
In any closed circuit, the algebraic sum of the products of the current 
and the resistance of each part of the circuit is equal to the resultant 
electro magnetic force in the circuit. 

‘why are these important? 
- Because you can’t fool Mother Nature. Power flows according to 

the laws of physics and not by commercial desire, government 
decree, or market design! 

Economics 
Electricity has several important economic characteristics 
- Difficulty/impossibility of storing electricity. 

- Network production 
Within tight bounds, supply and demand must always be equal. 

Can’t establishldefine property rights on an interconnected grid. 
Can’t separate the commodity (electricity) from delivery (dispatch). 

Decisions about reliability cannot be totally separated from “energy.” 
- Network externalities 

Why are these important? 
- Failure to recognize/incarporate these characteristics into the 

market design leads to market inefficiencies and/or collapse. 

ApxA 
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Illustrating the basics - Step I 
Start with the simplest 
model: 
- 2 nodes (B and C) 
- 1 transmission line (l3C). 
- 1 generator (G2) 
- 1 load 

Not very representative 
but: 
- No such thing as 

"redispatch" 
Nothing to redispatch! 
Great deal of risk! 

Illustrating the basics - Step 2 
Make the model a little 
more complicated: 
- 3 nodes. 
- 2 transmission lines with 

equal impedance and of 
equal length. 

- 1 thermally constrained 
transmission line (line AC) 

Line AC is constrained to 
no more than 200 MW. 
Lines BC has unlimited 
MW capacity. 

- 2 generators (Gl and G2) 
- 1 load 

Apx.A 
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Illustrating the 
Add “loop” flow: 
- 3 interconnected nodes. 
- 3 transmission lines with 

equal impedance and of 
equal length. 

- 1 thermally constrained 
transmission line (line AC) 

Line AC is constrained to 
no more than 200 MW. 
Lines AB and BC have 
unlimited M W  capacity. 

- 2 generators (GI and G2) 
- 1 load 

basics - Step 3 

Illustrating the basics - the physics 
Based on physics: 
- If G1 injects 1 MW (at Node 

A) - 213 MW flows along AC 
and 1/3 MW flows along AB 
and then BC. 

- Likewise, if G2 injects 1 MW 
(at Node B) - 2/3 MW flows 
along BC and 1/3 MW flows 
along BA and then AC. 

- WHY? 
Given our assumptions: 
For G1 the flow on AC (2/3 
MW) must equal the 
algebraic sum of the flow on 
the other lines, i.e. AB and 
BC (1/3 + U3) .  

4/22 
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Illustrating the basics - defining 
capacity 

Defining the capacity of a transmission system is 
problematic. 
- Not like natural gas! 

Orders 888/889 are underpinned by the belief that 
transmission capacity can be defined in advance. 
- Total Transfer Capability (TTC), Available Transfer 

Leads to the (complicated) physically based scheduling 
and reservation process we have today. Also resulted in 
the creation of certain transmission services (i.e. point-to- 
point, etc). 

Capability (ATC) 

If load is 300MW. .. 
IF, load at Node C is 300 
MW 
- Then it is possible for G1 to 

meet all the laad 
0 Depends an offer curves. 

- But. . .if G1 does produce 
300MW then G2 cannot 
praduce anything. 

IF, G1 produces 300MW 
then the Total Transfer 
Capability (TTC) is 
300MW 
- Neither Gl  or G2 can 

produce more output 

I 
~ 
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But if load is 600MWDD. 
0 IF, load at Node C is 600 

MW 
- Then it is possible for G2 to 

meet all the load 
- Assuming G2 does produce 

600MW then G l  cannot 
produce anything. 

ZF, G2 produces 600MW 
then the TTC is GOOMW 
- Neither G1 or G2 can 

produce more output. 

Conclusion - transmission capacity 
fact or fiction? 

The two previous examples illustrate the difficulty in 
defining physical property rights on an interconnected 
electricity grid. 
- Neither generator can have physical capacity rights over line AC 

without knowledge of what the other is doing - and what load is. The 
combined generation fiom A and B cannot have physical capacity 
rights to meet load at C (and beyond) because, depending on the 
dispatch pattern, the transfer limit is anywhere between 300 MW and 
600MW. 

- In the world of Orders 888/889 we tried to get around these two issues 
by defining and selling transmission capacity beforehand. 

9 In essence, create and sell hypothetical capacity based on 
expected outcomes. BUT, what happens when expected 
and actual outcomes deviate? 
-- Defining capacity is useful for transmission system plan 

.- mre 
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Illustrating the basics - separating 
“energy” from reliability 

Energy is.. .just.. .energy.. .regardless of whether it keeps 
the lights on, provides regulation, alleviates a constraint 
etc.. . 
. . .or whether it is scheduled energy or imbalance 
energy.. . 
. . .or whether it is bilateral energy or spot energy. 
. . .or whether it is “grandfather” energy or OATT energy. 
The primary job of real time operations is to coordinate 
instantaneous power flows - in performing this task, 
operators do not distinguish between dgerent categories 
of energy. 
However, historical utility practice (and even Order &88) 
codifies the myth that energy can be di f f e r e n t i a t m l s g  _.__ 

Illustrating the basics - separating 
energy from reliability 

Congestion is a type of 
transmission constraint 
and is a reliability issue. 
Redispatch example: 
- If load at C is 270MW and 

the marginal costs are $20 
and $30 for G1 and G2 
respectively, then the 
entire load should be 
served by G1. 



Redispatch Example 
Suppose that load is 360 
rather than 270 then: 
- Efficient (i.e. least cost) 

dispatch would require G 1 
to produce 240MW and G2 
to produce 120MW. 

- What physically happens is 
shown an the next slide. 

- 

8/22 
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Conclusion - separating energy from 
reliability is a myth 

In real time all electrical energy is 
indistinguishable. . .there is no difference between energy 
used to solve a congestion constraint (or any other 
transmission constraint) fiom that used to light a bulb. 
- Differentiation comes from accounting (i.e settlements) and not 

All the energy in a network is a single integrated physical 
pool and it must be managed accordingly. 

&om physical operation. 

- Important for market design! 

Section 1 - Concluding Remarks 
Current operations are based on: 
- Defining transmission capacity for purposes of daily 

operationshomercial transactions (as opposed to transmission 
planning). Deviations between actual and expected are handled 
through the “Transmission Loading Relief’ (TLR) process - which 
is a physical and not financial rationing mechanism, i.e a 
transaction is “cut” or not allowed to take place. 

Dispatch is not as efficient as it could be. 
- Redispatch takes place largely outside of the “market”. 

Creates uncertainty about price. Increases financial risk. 
- Artificial distinction maintained between reliability and energy. 

“Liberal” use of Network Service. 

Apx.A 
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Section 2: Real Time 

Real time refers to the activities focused 
on coordinating instantaneous power 
flows. Thepurpose of this section is to 
explain how this will be accomplished 

How big is the “gorilla”? 
The nature o f  dispatch on a physically 
interconnected grid means that there will always 
be a “gorilla” in the middle of the market. 
- There can only be a single air traffic controller at an 

airport! 
The question is not so much how to get rid of it, 
but rather how to: 
- Minimize the size and scope, and 
-- Make it transparent, auditable, and replicable 

Needed for integrity of the process which is important under 
open access. 

Apx.A 
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LMP minimizes the gorilla 
Under an LMP regime, the dispatcher uses the same 
“tools” to match supply and demand that are used to 
establish prices. 
Thus there is a match between dispatch and prices or, 
put another way the market price provides a good 
indicator of what happened in the physical system. 

This minimizes the need for the IS0 to manage the 
difference between what people thought would happen 
and what actually did happen. 
-- In the frst year of ERCOT’s operation, AEP with approximately 

- The economics and the physics are aligned! 

12% of the generation, had over 600,000 “OOM’ (out 
measure the disco 

What is LMP? 
A “tool” for coordinating power flows. 

In its simplest form nodal pricing: 
- Relies on price signals to “direct” generator output. 

- Is the “cost” of electricity at the generator bus and the cost of 
moving the electricity fiom the generator to the consumer. 

0 Nodal pricing is based on the notion that phce  and time 
are important characteristics of electricity. 
- In essence, energy delivered to a different place and/or at a 

different time is a different good and should be priced accordingly 
in order to achieve economic efficiency. 

Recognizes the effects of joint production of energy for 
delivery and energy for consumption. 
NOT NE W. Utilities have been doing economic 
dispatch for years! Apx.A 
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, 

The marginal cost of supplying the next increment of 
electric demand at a specific location (node) on the 
electric power network, taking into account both 
generation marginal cost and the physical aspects of the 
transmission system. 

Overview of real time market design 

LMP is an approach to running a real-time energy market 
and pricing system that overcomes the limitations 
inherent in physical rights systems (i.e. TLR based 
systems) 

* There are three primary elements of an LMP system: 
-. Uses security constrained economic (re)dispatch based on market 

- Calculates market prices (LMPs) from this dispatch and uses them 

- Provides redispatch and balancing market services to anyone 

participant offers. 

for energy market settlements. 

willing to pay the energy markethedispatch prices. 

Apx.A 
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Example of Dispatch and LMP Price 
Calculation 

0 As we saw: 
- If load is 270 and the 

“offers” from G1 and G2 
were $20 and $30 
respectively, then the 
efficient (and feasible) 
dispatch would all be from 
G1 (this is the 
unconstrained case). 

-~ But if load is 360 MW 
then efficient dispatch is 
240 MW from GI and 120 
MW fi-om G2 (this is the 
constrained case). 

Price Derivation - Nodes A and B 
The LMP is the lowest (re)dispatch 
cost (based on bids fi-om 
generators) of supplying energy to 
the next increment of load at a 
specific location on the 
transmission grid, while observing 
all security limits. 
The LMP at A is $20/MWh. An 
increment of load at A can be met 
at lowest bid cost by dispatching 
the generator at A at a price of $20. 
The LMP at B is $30/MWh. An 
increment of load at B can be met 
at lowest bid cost by dispatching 
the generator at B at a price of $30. 
Incremental generation at A cannot 
serve load at B, because part of it 
would flow on the line fkom A to C, 
viol EMIiSa 

%%ma 
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Price Derivation - Node C 
The LMP at C is $4O/MWh. 
The $40 LMP at location C occws 
because the least-cost (re)dispatch 
to meet an increment of load there, 
while meeting the thermal limit, is 

node B and to decrease it by 1 Mw 
at node A 

NodeA - Generator (Gl) 
(Offer price oB20) 

to increase generation by 2 MW at Node C -Load 

(2MW "$30 - IMW * $20 = $40). 

(Offer price of 530) 

Price derivation summary 
Based on actual flow of energy 
Based on the actual system operating conditions. 
- Prices mirror exactly what happened in dispatch. 

When the transmission system is unconstrained, LMPs 
are equal at all locations 
- If losses are included then LMPs will vary even ifsystem is 

* Under constrained conditions, LMPs vary by location 
unconstrained. 

Apx.A 
14/22 



Section 3: Settlements 

The purpose of this section is to explain 
how real time dispatch is linked to 
settlement. 

.-~--- _-.-. . . . . . . . . . . .  P.7-... ......... ~ ...... - ... . . . . . . . . .  . . . .  ,.~.. . .  . . . . . . . . . .  .... 

Settlements 
Under an LMP system: 
- Generators are paid the LMP at their transmission bus for 

- LSEs pay the LMP at their location (node or zone) for schedule 

- Transmission users pay transmission congestion charges. The 

balancing energy. 

imbalances. 

transmission congestion charge is the difference between the LNP 
at the withdrawal location for the transaction less the LMP at the 
injection lacation. This is the lowest cost redispatch (based on 
bids) that reliably accomodates the transaction, on margin. 

- LMPw - LMPi = Congestion Charge 
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Settlement prices consistent with 
reliability 

A key characteristic of LMP is that the prices used for 
balancing market settlements fully reflect the impact of 
congestion on: 
- The value of incremental generation at different locations. 
- The bid-based cost of serving incremental load at different locations. 
- The bid-based cost of the redispatch required to reliably accommodate an 

incremental transaction between two locations. 
IJsing LMP for balancing market settlements provides incentives 
for market participants to make voluntary decisions that are 
consistent with maintaining reliability. 
- Thus, LMP is a way to use market prices, rather than adminiskative 

restrictions and balancing penalties, to manage transmission congestion 
and maintain reliability. 

Generation settlement - simple case 

* Under an LMP system: 
- Generators are paid the LMP at their transmission bus for 

balancing energy. 
Thus the generator at A (GI) will get paid -from thepool: 

The generator at B (G2) will get paid -from thepool: 

Total dollars paidfrom thepool to generators = $8,400 

- $20 * 240 MW = $4,800 

- $30 * 120 MW = $3,600 

ApxA 
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Load settlement - simple case 
Under an LMP system: 
- LSEs pay the LMP at their location (node or zone). 

Total dollars paid to thepool by load, $40 * 360 = $14,400. 

* Whenever there is a transmission constraint (or if 
losses are included in. the price determination), the 
RTO will over collect. 
- In this example, generators received $8,400 and load paid 

- Wzat happens to this money? We will come back to 
$1 4,400.. . $6,000 

this,. . 

Settlement with a bilateral contract 
Suppose that G1 and the load at C had a bilateral contract for 200MW 
at $30/MW - how would that settle? 
- The 200MW would not transact at LIMP. Whoever submits the “schedule” 

pays the congestion costs. 
- Payments to generators would be: 

G1: $20 * 40 MW = $800 
G2: $30 * 120 MW = $3,600 
Total = $4,400 

- Payments fi-om load would be: 
Load at C: $40 * 160 MW = $6,400 
Schedule A-C: $20 * 200 MW = $4,000 
Total = $10,400 

- Excess collection = $6,000 exact& the same as before? 
As the market matures, these contracts will take the form of a “CfD’ or 
Contract for Difference rather than “physical” bilaterals. 

M R ~ Q  Apx.A 
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An aside ... 
If we assume for the moment constant marginal costs = to 
the offer bid and both generators have the same owner: 
- Then the total variable cost of producing the 360MW is: 

($20 * 240) + ($30 * 120) = $8,400 
Average cost = $23.33 MW 

doesn’t really solve anything. 
-- Notice that having the load “pay” $23.33 MW rather than $40 MW 

The generator has to redistribute the revenue internally. To cover the 
costs. 
We still have to discuss what to do with the excess revenue collected 
under LMP. 

- BUT mast importantly that price does not cover the costs of G1 
and it undervalues the effect of congestion. 

Section 4: “FTR’S” 

What to do with the extra revenue! 

Apx.A 
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Settlement and F TRs 
Remember the RTO “overcollects” fiom the load compared to what they 
pay to the generators. The RTO must return this money and does so by 
issuing financial transmission rights (FTRs) to parties. 
An FTR is a financial instrument. 
- The instrument has three components that make up its value. 

Volume - defined as MW. 
Price - defined as the price difference between points A & B. 
Term - defined in months or years. 

The holder of the FTR is entitled to the hourly casMows for the term of 
the instrument. 

Hourly cashflows = volume x AP 
where AP = (LMP, - LMP,) 

Settlement and FTRs 
The challenge for the RTO is creating the number of FTRs that ensure 
it returns $6,000 to the holders. 
- If it returns less than $6,000 then who gets the extra money? 
- If it returns more than $6,000 then where does the money come from? 

It resolves this problem by running simultaneous feasibility tests 
(SFTs) 
- An SFT determines the “exact” number of FTRs to issue for a given 

generation pattern so that the RTO returns all the money. 
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Simultaneous Feasibility using the 
Example 

The output of the constrained 
LMP solution is used to 
determine the set of 
simultaneously feasible FTRs 
that the RTO can offer. 
- 200 FTRs from AC 
- 40FTRsfromAB 
- 160 FTRsfromBC 

A complete settlement run can 
now be performed. 
Load @ C pays $14,400 
- G1 receives $4,800 
- G2 receives $3,600 
- FTR (AC) receives $4,000 
- FTR (AB) receives $400 
- FTR (BC) receives $1,600 MI-- -_ 

Section 5: A Full Allocation of FTRs 

How many FTRs does load need to have a 
full allocation? 
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. . .. 

A “Full” Allocation of FTR 3 
Financial Transmission Rights (FTR) provide a hedge 

for congestion costs that may occur between 
generation source and load sink. 

P A “full allocation” is one that leaves existing customers in the 
same financial position as under physical rights. 

3 FTRs have value in all hours, whether or not generation is 
on-line or scheduled. 

M . i i  

Load Duration Curve 
Load Duration Curve* for Wisconsin Utility: 2001 
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A “Full” Allocation of FTR 3 
A full FTR allocation would provide expected FTR revenue fi-om an 
FTR portfolio sufficient to offset expected aggregate congestion cost 
for a generation portfolio, on an annual basis, to the extent congestion 
costs are hedged today under physical service. 
- Within the year, congestion cost may be <=> than FTR revenue in 

any single hour. 
- Over the year, congestion cost may be <=> than FTR revenue for 

schedules from any single unit to load. 
.- In a single year, congestion cost may be <=> than FTR revenue to 

the extent systedmarket conditions vary from those expected. 
Mitigated by ongoing FTR portfolio evaluation and 
adjustment. 
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Appendix B: Analysis of Locational Pricing Patterns Within LG&E 

Ghent (bus 27 13 8) 
Green River @us 27 144) 
Haeflin @us 27155) 
Mill Creek (bus 27253) 
Paddys Run (bus 27332) 
Trimble (bus 27409) 
Tyrone (bus 2741 3) 
Waterside (bus 27433) 
Petersburg (Indiana) 
Tanners Creek (Ohio) 

---- 

In many hours of our simulation of energy markets in the LG&E/KU areas, the market 
value of LG&E generation is, on the average, greater than the market cost of LG&E load. 
This pattern reflects the impact of regional power flows on the operation of transmission 
and generation in the LG&E/KU system. 

27.4 
23.6 
26.2 
13.0 
13.6 
13.3 
26.4 
9.6 
41.1 
30.9 

A look at two hours in which this occurs provides insight as to how congestion in the 
LG&E region causes this “reversal” of the expected pattern of congestion costs. 

Hour 20 of April 1,2005, shows the following LMPs in and around LG&E: 

Brown (bus 27009) 
Cane Run (bus 27048) 

In this hour, the primary constraint affecting LG&EKU prices is from Northside to Clifty 
Creek (Louisville area into Indiana). This constraint depresses prices from (Trimble 
County southwest to Cane Run, affecting much of the load in the Louisville area. Large 
generators to the east and downstream of this constraint given an overall west to east 
power flow, such as Ghent, Brown, Haeflin, Green River, and Tyrone, have significantly 
higher LMPs. The pattern of LMPs and location of constraints are graphically displayed 
in Figures 1 and 2 (attached). 
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Hour 12 on August 20, 2005, shows similar behavior of LMPs, but due to a different 
constraint. In this hour, the Blue Lick transformer to the south and east of Louisville is 
highly constraining on the west to east flow of power, resulting in the following LMPs: 

I Location 1 LMP MMWhII 1 

In this he 

1 LG&E Foad Zone 1 3:; 1 
__ Brown bus 27009) 

Cane Run (bus 27048) 
Ghent (bus 27 13 8) 31.4 
Green River (bus 27 144) t Haeflin (bus 27 155) 

Paddvs Run (bus 27332) 11.6 

Tyrone (bus 274 13) 

Petersbug (Indiana) 16.4 
Tanners Creek (Ohio) 21.6 

tr, the Blue Lick constraint depresses prices to the northwest, ag in cc rering 
the Louisville load area from Trimble County on the northeast to Mill Creek on the 
southwest. But again, the larger LG&E /KU generators to the east end up with higher 
LMPs. The pattern of LMps and location of constraints for this hour are displayed in 
Figures 3 and 4 (attached). 

When loop flows through the LG&E /’ KU system are considered, power generated at 
some LG&E/KU generators can have a location specific market value that is up to 4 to 19 
times greater than the market value of generation at other LG&E/KU facilities. If the 
LG&E/KTJ was operated in accordance with regional security-constrained economic 
dispatch and purchased and sold power in regional LMP markets, the Companies could in 
some hours significantly reduce the cost to serve load and earn premium prices by selling 
power from facilities downstream of frequently occurring transmission constraints. 
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Appendix B 
Figure 1 April 1,2005 at 8:OO pm 









Appendix C: Production Cost and Power Flow Study of LG&E/KU Options for 
Transmission Operations 

MIS0 conducted an analysis of the economic impacts of alterative approaches for LG&E/ 
KU to operate their transmission system. This analysis builds upon the study and report 
attached to the Direct Testimony of Ronald R. McNamara in this proceeding. As in the 
initial study, this analysis which was prepared to respond to the Supplemental Testimony 
being filed by LG&E/ISU was based on a simulation of transmission system operations and 
regional power markets using the PROMOD IV@ production costing and power flow model. 
The model was used to project hourly production costs and location-specific market clearing 
prices. 

PROMOD TV@ includes an hourly chronological dispatch algorithm that minimizes costs 
while simultaneously adhering to a wide variety of operating constraints. PROMOD IV@ 
integrates chronological production costing and detailed power flow analysis. The model 
represents power system Operations in the Eastern Interconnect, including representations of 
the operation of the 5,000 generating units that are 1 MW or larger, 40,000 transmission 
buses, and 50,000 transmission lines. The model calculates and can track location-specific, 
hourly prices for up to 8,000 specific locations. 

The model captures the dynamics of transmission system operations and in the cases simu- 
lating the operation of MISO’s TEMT an LMP market that will be fully integrated with 
transmission operations. The selected approach is able to represent the effects of power 
flows and transmission congestion, as well as fuel costs, generator availability, load patterns, 
and other factors on market prices. PROMOD IV@ performs an 8760-hour commitment and 
dispatch recognizing both generation and transmission impacts at the bus-bar (nodal) level. 
PROMOD IV@ forecasts hourly energy prices, unit generation, revenues and he1 consump- 
tion, bus-bar and zonal energy market prices, external market transactions, transmission 
flows, losses, and congestion prices. 

Unit Commitment and Dispatch 

The unit commitment logic is based on a marginal scheduling algorithm that models genera- 
tor constraints for minimum runtime and minimum downtime and considers the start-up costs 
and variable operating costs of each generating unit to develop a unit commitment schedule. 
This process starts with an initial unit commitment order for the week, and then performs an 
iterative improvement of the unit commitment schedule for each day of the week, consider- 
ing the location-specific replacement cost of energy at each generator bus and opportunities 
to make off-system sales. Checking for violations of minimum runtime and minimum 
downtime constraints on each unit, the logic looks for alternative commitment decisions that 
improve the economic performance of the system. 

Once the unit commitment schedule is developed, security constrained economic dispatch is 
performed by loading incremental unit segments in bid order, subject to operational con- 
straints. PROMOD IV@ dispatches the power system in each hour to minimize total variable 
production costs. For generating units, these costs include fuel costs (applied to the heat rate 
profile for each unit), variable O&M costs, and emissions costs based on forecasted SO2 
emission allowance and, where applicable, NO, emission credit prices. Each unit’s cost is 
scaled by a dynamic transmission loss factor that is calculated each hour during the dispatch, 
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reflecting the unit’s incremental effect on total system transmission losses. The unit dispatch 
procedure simulates detailed hourly chronological dispatch subject to ramp rate limits on 
maxim& hour-to-hour changes and a Monte Car10 simulation of generating unit outages. 

Economy transfers from one area to another area are considered in dispatch and reflect a 
hurdle rate incorporating transmission prices and transaction and opportunity costs for that 
buyerkeller pair. 

A few unit types are assigned specific generation profiles. For example, river-based hydro 
are represented as the combination of flat run-of-the-river profile up to its minimurn loading 
level, plus a peaking profile for remaining monthly energy. Pumped storage hydro is 
assumed to operate with 70% overall efficiency and dispatched on an economic bases as peak 
shaving. An hourly profile for wind generation was developed based on historical operating 
data for large wind farms in southwest Minnesota. 

Mathematical Formulation of Security-Constrained Dispatch 
Within each hour, PROMOD IV@ performs a simulated economic dispatch of the power sys- 
tem such that all of the designated flowgate constraints are simultaneously satisfied. This 
operation is a large but straightforward Linear Program optimization problem, and PROMOD 
IVWs implementation of this problem is conceptually comparable to the way the existing 
LMP markets schedule the dispatch and calculate LMPs. 
The mathematical formulation of the security-constrained dispatch can be expressed as 
follows: 

Minimize generation costs 

where gi is the generation and bus i, and ci is the variable cost of the generation at bus 
i, including such components as: 

Heat rate of the generator 
Fuel cost 

Variable O&M cost 
Emissions cost 
Dynamic penalty for transmission losses 

such that the system demand D is satisfied by the generators: 

and that each flowgate k stays within its flow limit Fk: 

where dj is the demand at bus i, and sfa is the dc powerflow shift factor for how much 
of the net injection at bus i (generation at the bus minus demand at the bus) affects the 
flow on flowgate k. These shift factors are calculated from the characteristics of the 
ac powerflow data. 
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The actual optimization problem solved by PROMOD IV@ is somewhat more complicated, 
taking into account spinning reserve constraints, heat rate curves for the generators, mini- 
mum generation and ramp rate constraints for the generators, scheduling of phase shifting 
transformers, and scheduling of interchange among RTOs and control areas, recognizing the 
transfer cost (or hurdle rate) for interchange between the parties. 

Power Flows & the Transmission System 

Transmission system configurations, capabilities, and power flow distributions were based on 
a 2005 power flow case. The 2005 case was developed based on updating the Midwest 
ISO’s 2004 peak power flow case to reflect transmission improvements, topology changes, 
and load growth for 2005. Data was provided by transmission owners in the course of MISO 
market studies and by the MISO transmission planning group. Data provided by these 
organizations was incorporated in the development of the updated and more detailed power 
flow case. Additionally, MISO has performed a full AC power flow analysis using the 
MUST model to identify any additional elements that might be placed at risk due to changes 
in power flows in market environment and specified additional flowgates where necessary. 

PROMOD IV@ represents the full power flow case in standard PSSE version 26 format and 
implements a linearized solution to the power flow. Shift factors are calculated to represent 
the redistribution of power flows associated with changes in generator output or load at 
specific locations. 

The model optimizes the dispatch of the system, subject to a set of transmission constraints 
that represent the financially significant constraints that might be binding on the system 
dispatch. These transmission constraints comprise both base flow constraints, representing 
path based flowgate limits, and contingency constraints, reflecting limits based on the flows 
that would occur in the event of a failure of one or more other specified transmission ele- 
ments. Contingency constraints occur where the failure of the secondary element(s) would 
increase flows over the primary flowgate to levels in excess of its security limit. The result- 
ing economic dispatch will be such that, if any of those specified contingencies were to 
occur, the power flow would stiIl be feasible. The list of potentially binding constraints used 
in this analysis includes limits on power flows for more than 1 100 flowgates. 

Transactions and Hurdle Rates 

To take into account existing inefficiencies in bilateral power trading and prevent the PRO- 
MOD IV@ model from over optimizing transactions in comparison to historical market 
experience, hurdle rates were applied to transactions between dispatch pools. These hurdle 
rates may include two components: 

The incremental transmission charge associated with purchasing power from another 
area to serve load within the dispatch pool; and 

A transaction and lost opportunity cost component to reflect the inherent inefficien- 
cies of relying on a bilateral market. 

The incremental tariff charge for transactions within MISO was set to zero to reflect the 
ability of Load Serving Entities (LSEs) to use network integration service. Similarly, the 
tariff component was set to zero for transactions between MISO and PJM, reflecting an 
elimination of through and out rates between these two RTOs. Applicable hourly non-firm 
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point-to-point hourly transmission charges for exports were applied to transfers between 
other dispatch pools in the model. 

The transaction and lost opportunity cost portion of the hurdle rate was generally set at 
$3/MWH for transactions between pools that were not part of the same energy market.' It 
was applied in the dispatch of generation. A separate hurdle rate was not applied to unit 
commitment, although the model does commit generation, in part, based on anticipated sales 
given the dispatch hurdle rate. The selection of the $3 per M W  amount for transaction and 
lost opportunity costs was based on a Conservative study design that was intended to ensure 
that the results did not overstate the costs of TORC operation. It reflects an historical bench- 
marking analysis which analysis indicated that at this level the model would implement cost- 
effective transactions in excess of those actually identified and implemented in the real world 
market. A subsequent sensitivity case was run in which LG&E/KU TORC hurdle rates were 
allowed to increase to a level at which modeled transactions for 2003 would approximate the 
actual historical level of LG&E/KU off-system sales. In this sensitivity the cost of TORC 
operations was significantly greater than in our base case simulations. 

PROMOD IV@ is an optimization model. In the absence of specifying hurdle rates, the 
model would optimize power transfers between dispatch pools ignoring the effects of trans- 
mission rates and effectively assuming the pools would coordinate unit commitment and 
dispatch with perfect information. This would be an unrealistic representation of bilateral 
markets. 
The transmission charge portion of the hurdle rate reflects the incremental charges that would 
affect the generation vs. power purchase choices of an LSE. The hurdle rates used in the 
study reflect rates for non-firm hourly service for the transfer of power out o f  an adjacent 
system. This is a conservative assumption in that actual transmission costs could be higher 
where firm or longer-term transmission service is purchased or where the contract path 
involves more than one transmission provider. 

The transaction and opportunity cost portion of the hurdle rate was selected to reflect the 
cumulative impact of several inherent inefficiencies in bilateral contract markets, including: 

Participants in a bilateral market that is not closely integrated with the operation of 
the transmission system simply never see many of the opportunities to make cost 
effective trades that reflect the location specific pricing impacts of dynamic flows and 
transmission constraints. 

Current utility practice tends to reflect a bias, which may be appropriate given the 
lack of a liquid spot market, towards commitment of each utility's own generation to 
serve its native load. 
Existing scheduling procedures limit market participants to whole hour or longer 
transactions. By contrast, MIS0 energy markets will be able to optimize the opera- 
tion of generation across member utilities at least every five-minutes. 

.__-- 

To recognize the impact of ATC redispatch procedures that affect some but not all TLR events, the hurdle rate 
within ATC was reduced to $2.50 per MWH when the ATC companies are not in the lMIS0 Energy Market. A 
modest reduction to the hurdle was used to represent ATC redispatch because ATC redispatch procedures 
appear to be in effect for a minority of TLR events and the initially selected hurdle rate is already conservative 
when compared to generally accepted practice. 

1 
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Finding a cost-effective mix of purchases and sales requires bilateral negotiations 
with multiple other market participants. Such negotiations and the resulting trans- 
actions impose transaction costs related to the search for cost-effective transactions, 
negotiations, contracting, scheduling, settlement, managing counter-party risk, and 
dispute resolution. These transaction costs are a direct cost to bilateral market par- 
ticipants. They are either largely avoided (i.e. search, negotiations, contracting, and 
dispute resolution) or covered by MISO charges (i.e. scheduling, settlement, and 
counter-party risk management) under MISO’s TEMT. 

In such power trading negotiations, each participant has an incentive to limit its dis- 
closures to counter parties to capture as large a portion of the benefits from the 
transactions as possible. Given imperfect information and a non-transparent market, 
identifying a cost-effective mix of transactions takes time and not all economic 
transactions will be discovered. 
Given a lack of transparency, geographic price spreads occur in bilateral markets that 
do not reflect genuine differences in locational marginal costs. These spreads create 
misleading operating incentives h a t  may fail to mitigate and in some cases exacer- 
bate transmission congestion. The lack of transparency has direct cost impacts and 
secondary cost impacts through its failure to efficiently alleviate transmission 
congestion. 

Power markets are highly dynamic. Given the transaction costs and the time involved 
in completing bilateral transactions, the utilities’ generation, purchases and sales are 
seldom fully optimized given continuously changing conditions. This failure to 
optimize the operation of generation across entities increases total generation costs. 

The transaction and opportunity cost portion of the hurdle rate was conservatively set at 
$ 3 / M W  a level that is significantly below that used in the levels commonly used in com- 
parable studies. 

Representation of Congestion Management 

Rated flowgate capacities were reduced in each scenario to reflect expected flowgate utiliza- 
tion during high power flow periods. This adjustment was required to prevent the model fiom 
over optimizing and to accurately represent operating performance under a TLR system of 
congestion management based on what has actually been observed. To reflect the impacts of 
TLR management, specific adjustments were made to flowgate capacities based on the 
location of the flowgate and case being analyzed. These adjustments reflect a comprehensive 
evaluation of actual flowgate utilization during Level 3 or higher TLR events in different 
portions of the MIS0 footprint. 

Generating IJnit Characteristics 

The primary data sources include data reported by the utilities to the Federal Energy Regula- 
tory Commission or U.S. Energy Information Administration (EIA) and published by those 
agencies, information filed by the utilities with U.S. Environmental Protection Agency @PA) 
including submissions to meet their Continuous Emissions Monitoring System (CEMS) 
reporting requirements, the NERC Energy Supply and Demand database and Generating 
Availability Data System (GADS), and New Energy Associates’ PowerBase@ database. 
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PowerBase@ draws data in large part from Platt’s (formerly Resource Data International), a 
division of McGraw Hill, which are subject to review and adjustments by New Energy Asso- 
ciates. PowerBase is New Energy’s regional database and the associated programs to process 
and format the data for use in PROMOD IV@. Data items supplied by these sources include 
generator name, location (area assignment), smer /win ter  capacity, primary and secondary 
fuels, GADS category, operating & maintenance (O&M) costs, heat rates, projected capacity 
changes, projected retirement dates, and average monthly hydro energy. Detailed operational 
data from the CEMS is used to derive multiple capacity states with associated incremental 
heat rate data. Defaults values for forced outage rates, forced outage durations, and sched- 
uled maintenance requirements are taken from the NERC GADS. Emission production rates 
for S02, NO,, and C02 are taken from documents published by the EPA. Where appropriate, 
we have reflected in the inputs comrnents on LG&E/KU data provided by the Companies 
during the earlier portion of this proceeding. 

Data for nuclear planned refbeling outage schedules and nuclear forced outage rates are sup- 
plied through Platt’s by an independent consultant, Kappe Consultants. Forecasted prices for 
SO2 allowances along with the associated forecast for unit specific emissions reduction tech- 
nology upgrades are supplied by Platt’s consulting organization or public sources. Market 
prices for NO, credits reflect published forward prices for 2005. Other operational modeling 
parameters such as unit minimum runtime, minimurn downtime, contribution to spinning 
reserve, must-run status, etc., needed for simulation accuracy are based on experience and 
knowledge of the models. 

Load Forecast 
Load and demand forecasts represent forecasted control area load and demand. Initial fore- 
casts were developed based on the combination of the Form ETA 7 14 filings, NERC Energy 
Supply & Demand (ES&D) data, and NERC regional summer/winter assessments. Control 
area peak and energy forecasts within a NERC sub-region are scaled to match the total sub- 
region monthly peak and energy forecast provided in the NERC ES&D database. This scal- 
ing is done based on the relative peak and energy values provided in the Form EIA 714 
forecasts. This preserved the relative forecasted growth rates of different areas within a sub- 
region while still recognizing the NERC sub-region forecast which has broader acceptance 
and credibility. 

This scaling also is applied to the location specific load profiles in the power flow case to 
determine loads assigned to specific buses. 

Forecasted loads include average transmission losses. For purposes of calculating LMP, 
marginal losses will be calculated by the model. 

Forecasted Gas and Oil Prices 
The gas and oil fuel price forecasts were developed using two components. The fzst com- 
ponent is a general market price forecast based on futures prices at specific trading hubs. 
The second is a basis differential to reflect geographic differences between hub prices and 
delivered costs and, for oil, the relationship between the delivered fuel costs to utilities and 
crude oil futures prices. The basis differential was established based on a three month rolling 
average of the historical relationships of historical spot prices to historical state (for natural 
gas) or sub-region (for oil) specific delivered fuel costs. 
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Natural Gas Price Forecast 
The forecasted market price component for natural gas is based on the June 7,2004 NYMEX 
forward prices for natural gas at Henry Hub for delivery in each month of 2005. 

Locational basis differentials for the delivered cost of natural gas to utilities in each state 
were deterrnined by taking the difference between the average delivered price of natural gas 
in each state over the period January 1999 through December 2002 and the average daily 
spot price at the Henry Hub for delivery in that same month. The natural gas basis differen- 
tials tend to widen in the winter when deliveries on the pipeline system can be capacity con- 
strained. The basis differentials were set on a monthly basis based on three month rolling 
averages of historical basis differentials so as to reflect these seasonal patterns. 

The delivered cost data used to calculate basis differentials are the costs reported by utilities 
for spot and interruptible gas on the Form EIA 423. "his survey is designed to capture cost 
data that includes both interstate pipeline and local distribution company transportation 
charges. These data are aggregated by state and published by EIA in Electric Power Month- 
ly, and the underlying data are available in an on-line database. After December 2002, the 
published data no longer distinguish between the cost of spot, interruptible, and contract gas 
purchases. 

In general, state level average natural gas costs were used to calculate the natural gas basis 
differentials. However, EIA did not publish any delivered cost of gas data for selected states 
and data from adjacent states was used to calculate locational basis differentials in these 
cases. 

In a small number of instances, EIA gas costs include anomalous data that appear to reflect 
data entry errors by the submitting company or EIA. Anomalies were investigated by re- 
viewing the disaggregated company Form EIA 423 data. In a few cases, the data entries 
were judged to very likely reflect some kind of data error, and the state average was recal- 
culated excluding this observation. 

In additional cases, historical delivered costs exhibited significant month-to-manth volatility. 
To ensure the use of representative values, basis differentials for each month were calculated 
using a three-month rolling average of historical values, e.g. the differential for September 
was calculated fiom the historical differentials for August, September, and October. 
#2 Fuel Oil Price Forecast 

A similar methodology is used to develop forecasted prices for the #2 fuel oil. The price 
forecast component for #2 oil price is the June 7, 2004 NYMEX futures price for #2 oil 
delivered in New York harbor during each month of January - September 2005. At the time 
our he1 forecast was developed, futures contracts for #2 oil were not traded on NYMEX past 
September 2005. To continue the series through December 2005, month-to-month percen- 
tage changes in #2 oil prices were assumed to equal the month-to-month percentage changes 
in the price of NYMEX futures for light, sweet crude oil. Historically there has been a 
reasonably consistent relationship between #2 and light, sweet crude prices. 

Sub-regional locational basis differentials relative to the New York Harbor futures market 
price were calculated using the costs reported by utilities for spot purchases of #2 oil on 
Form EIA 423. As in the case of natural gas, this survey is designed to capture delivered 
costs including transportation charges. State level average #2 oil prices were utilized to 
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